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a b s t r a c t
Characterization of fluid–rock interactions is essential for a broad range of subsurface applications
such as understanding fluid flow in porous medium and enhanced oil recovery predictions. Enhanced
oil recovery (EOR) is crucial in oil and gas production operations, it entails injecting fluids into the
reservoir to enhance productivity. When fluids are injected, interactions occur between the injected
fluids and the reservoir rock/fluids; and the outcomes of fluid–rock interactions critically impact the
fluid flow in porous medium and the associated oil recovery. Furthermore, the associated changes
in reservoir properties (porosity, permeability etc.) and flow behavior (i.e. wettability alteration
and relative permeability changes) demonstrate variability at a range of scales. Thus, it is of great
importance to understand these interactions at multiple scales and their ensuing implications on
EOR. This study therefore provides a comprehensive review of the types of fluid–rock interactions in
both carbonate and sandstone reservoirs. Fluid–rock interactions quantification methods, their applicability and principle of measurements were summarized. The implications of fluid–rock interactions
were extensively discussed. Finally, we identified and highlighted some research gaps and provided
recommendations for future research directions.
The findings of this review show that despite numerous studies on fluid–rock interactions such
as adsorption, dissolution/precipitation, clay swelling/fines migration and wetting characteristics in
porous media involving EOR fluids, the exact mechanism of action of these fluids during EOR
applications in rock/oil/brine system, is still not fully understood. The extent and implications of
these fluid–rock interactions on EOR depends on several factors/parameters. Such factors include the
injected fluid type and chemical composition, rock type and mineralogical composition, brine pH,
salinity and composition. Moreover, the review shows that all the fluid–rock interactions quantification
techniques have some limitations either in their applicability, measurement range, or uncertainty
level. Therefore, the incorporation of various imaging and characterization tools would be required
for improved understanding the fluid–rock interactions.
The review, therefore, provides critical insights in the area of fluid–rock interactions and its
implications on EOR. Thus, the findings of this review are expected to enhance our knowledge and
provide better understanding of fluid–rock interactions and thereby reduce the uncertainties associated
with laboratory-scale predictions, reservoir management and enhanced recovery of oil.
© 2022 The Author(s). Published by Elsevier Ltd. This is an open access article under the CC BY-NC-ND
license (http://creativecommons.org/licenses/by-nc-nd/4.0/).
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one or more of the followings: (a) a change in petrophysical
properties, (b) a shift in wettability toward oil-wet or water-wet,
(c) a change in the fluid–fluid interfacial tension, d) a change in
relative permeability and capillary pressure characteristics of the
system, and e) adsorption/ precipitation. Interestingly, under a
given set of conditions, one or more of these mechanisms may
occur — thus suggesting the complex nature of these interactions.
Fluid–rock interactions for several fluid–rock systems have
been extensively investigated during the last three decades in
various context. For instance, the wettability alteration potential of cationic, anionic and nonionic surfactant as a function
of their concentration is widely debated recently (Das et al.,
2020; Dehaghani et al., 2020; Eslahati et al., 2020; Karimi et al.,
2016; Moradi et al., 2019; Souayeh et al., 2021). While it is
generally agreed that surfactants tend to alter wettability toward water-wet and this potential increases with increase in
surfactant concentration, still the interactions of surfactant with
reservoir rock and fluids are complex to characterize. Furthermore, such interactions may show discrepancy at multiple scales
ranging from core-scale down to nano-meter scale. Moreover,
low salinity water flooding (LSW), typically leads to improved
oil recovery due to wettability alteration and the underlying
mechanisms are complex and require a rigorous experimental approach at multiple scales (Al Maskari et al., 2019). Note
that fluid–rock interactions (e.g., phase trapping, diffusion, and
adsorption/desorption) also occur during fluid injection in unconventional rocks such as shales or coals (Arif et al., 2022),

1. Introduction
A precise characterization of fluid–rock interactions is essential for a wide range of subsurface applications e.g., understanding
fluid flow in porous medium (Bakhshian et al., 2020; Wei et al.,
2017), well stimulation (Abdelgawad et al., 2019; Shafiq et al.,
2018), enhanced oil recovery (Arif et al., 2020; Kumar and Mandal, 2018; Olayiwola and Dejam, 2019), and CO2 and hydrogen
geo-storage (Ali et al., 2021; Cui et al., 2018; Zivar et al., 2021).
The fluid–rock interactions are strongly dependent on the type
of rock and fluids being considered and the associated physicochemical features of the interfaces — thus the theme of ‘fluid-rock
interactions’ covers a broad scientific domain. For instance, in
enhanced oil recovery, the interaction among the injected fluid,
reservoir fluid and the rock surfaces will be a function of type of
injected fluid (e.g., surfactant, nanoparticle, carbonated brine, low
salinity brine, polymer, CO2 and H2 etc.), and type of rock in question as well as prevailing thermophysical conditions (pressure,
temperature and salinity).
Typically, upon injection of a fluid (surfactant, polymer, CO2 ,
brine) in a porous medium, the possible interactions that may
occur include: (i) reactions among the injected and reservoir fluid
and reactions among the injected fluid and rock fabric; (ii) adsorption/desorption of certain components/chemicals onto/from
the rock surfaces; (iii) precipitation, and (iv) clay swelling and
fines migration. The resulting impact of these interactions is
6356
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Nomenclature
EOR
cEOR
IOR
EGR
LSW
MIE
ASP
DI
SEM
PDI
IEP
EDL
ICP
SAMs
EDTA
DTPA
HEDTA
GLDA
AOS
AEO
POE
CTAB
GDTAB
DTAB
IOS
CPC
SDS
CAHS
CMC
Å
EO
PO
PAM
HPAM
PDMS
PMMA
RMS
FE-SEM
FIB-SEM
BIB-SEM
MICP
µ-CT
AFM
XRF
XRD
QEMSCAN
NMR
MRI
SCAL

ζ

Pc
RI-Sw

Enhanced oil recovery
chemical Enhanced oil recovery
Improved oil recovery
Enhanced gas recovery
low salinity water
multi-ions exchange
Alkaline-Surfactant–Polymer
De-ionized
Scanning electron microscope
Potential determining ions
Isoelectric point
Electrical double layer
Inductively coupled plasma
Self-assembled monolayers
Ethylenediaminetetraacetic acid
Diethylenetriaminepentaacetic acid
Hydroxylethylethylenediaminetriacetic
acid
Glutamic acid diacetic acid
Alpha-olefin sulfonate
Alcohol polyoxyethylene ether
Polyoxyethylene
Cetrimonium bromide
didodecyltrimethyammonium bromide
dodecyltrimethylammonium bromide
Internal olefin sulfonate
cetylpyridinium chloride
Sodium dodecyl sulfate
Cocamidoproyl hydroxysultaine
Critical micelle concentration
Angstrom
Ethylene oxide
Propylene oxide
Polyacrylamide
Hydrolyzed polyacrylamide
Polydimethylsiloxane
Polymethymethacrylate
Root mean square
Field emission scanning electron microscopes
Focused-Ion-Beam Scanning Electron
Microscopy
Broad Ion Beam-Scanning Electron Microscopy
Mercury injection capillary pressure
micro-Computed Tomography
Atomic force microscopy
X-ray fluorescence
X-ray diffraction
Quantitative evaluation of minerals by
scanning electron microscopy
Nuclear magnetic resonance
Magnetic resonance imaging
Special core analysis laboratory
Zeta potential

Kr-Sw
3D
2D
IFT
T1
T2
UV
TOC
TN
TPCL
MD
DLVO
SARA

Capillary pressure
Resistivity index-wetting phase saturation
Relative permeability-wetting phase
saturation
Three-dimensional
Two-dimensional
Interfacial tension
Spin–lattice relaxation time
Spin–spin relaxation time
Ultra-violet
Total organic content
Total nitrogen
Three-phase contact line
Molecular dynamics
Derjaguin, Landau, Verwey and Overbeek
Saturate, Aromatic, Resin and Asphaltene

moreover, other injected fluids e.g., CO2 can also dissolve the rock
body during CO2 geo-sequestration, however, these are beyond
the scope of this review.
Nevertheless, the outcomes of fluid–rock interactions critically
impact the fluid flow in porous medium and the associated oil recovery. Thus, it is crucial to understand these interactions at multiple scales using a range of correlative experimental approaches.
For a given fluid–rock system, a range of laboratory experimental tools have been utilized. These include core flooding setup
for steady-state and unsteady-state displacement experiments at
the core-scale to determine (a) hydrocarbon recovery profiles
vs. volume of injected fluid, (b) capillary pressure and relative
permeability characteristics, and (c) quantification of wettability
via Amott-indices. However, core flood experiments are often
time consuming and costly, and may not be fully reflective of the
fluid–rock interactions in question. Furthermore, contact angle
measurements on clean and flat surfaces is widely applied for
wettability characterization before and after exposure to a certain
injected fluid, while the titled plate configuration allows a simultaneous determination of advancing and receding contact angles
to mimic the imbibition and drainage processes respectively (Arif
et al., 2019). However, contact angles may be influenced by
several factors such as surface roughness, surface chemistry, the
contamination of the surfaces and the choice of surface cleaning
method — which led to a debate among the relevant scientific community recently (Al-Yaseri et al., 2022; Iglauer et al.,
2014; Levitt and Bourrel, 2016b). To reduce these uncertainties in
observed fluid–rock interactions measurements (e.g., wettability,
adsorption etc.), the use of imaging and characterization tools is
vital. For instance, atomic force microscopy (AFM) allows measurement of a root mean square (RMS) surface roughness which
can thus be related to observed wetting behavior. Moreover,
scanning electron microscopy (SEM) and field-emission (FE)-SEM
allows imaging of the pore space at micro-meter to nano-meter
scale to resolve the pore spaces and visualize any changes upon
interaction with an injected fluid while NMR relaxation measurements can also confirm the pore structure changes. Furthermore,
the advancement in imaging technology and faster computing
now has made it possible to measure geometric contact angles
within the pore-spaces following the injection (of a certain fluid)
using three-dimensional (3D) in-situ micro-CT imaging, while 2D
micromodels can also be employed for computation of contact
6357
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Table 1
Conceptual illustration of measurement types, equipment, and the scale of investigation.

angles. Moreover, the electrostatic potential at the rock/fluid or
fluid/fluid interface can be characterized via zeta potential measurements which is then correlated to contact angles to obtain
a better understanding of the wetting dynamics of the system
being considered. However, zeta potential of pulverized samples
is often not representative of the reservoir — and thus zeta
potential measurements of intact core samples has recently been
investigated.
Thus, it is clear from above discussion that fluid–rock interactions are complex and require a range of experimental techniques
at multiple scales. Table 1 shows a schematic of key experimental
techniques for fluid–rock interactions measurement and their
associated scale of investigation.
Previous studies focusses on the review of fluid–rock interactions such as surfactant and polymer adsorption (Belhaj et al.,
2020; Kalam et al., 2021; Kamal et al., 2015), fluid–rock interactions in unconventional (Gale et al., 2014; Lyu et al., 2020;
Song et al., 2020a) and in carbonate rocks ((Hao et al., 2019;
Siqueira et al., 2017), clay swelling/fines migration (Awan et al.,
2022; Butscher et al., 2016; Miri et al., 2021), nanoparticles–
brine interaction (Olayiwola and Dejam, 2019), and fluid–rock
minerals interactions (Afekare and Radonjic, 2017; Isah et al.,
2022; Liu et al., 2021). While others (e.g., Tang et al., 2021; Tetteh
et al., 2020b) reviewed the mechanisms and the range scales of
fluid–rock interactions investigation techniques.
This review therefore provides a succinct overview of the
important fluid–rock interactions among the reservoir rock, fluid
and key injected fluids (e.g., surfactant, polymer, low salinity
brine, CO2 ). To this end, the interactions such as surfactant and
polymer adsorption onto the rocks surface, rock dissolution, clay
swelling, and fines migration and their triggering factors are
summarized. Importantly, the wetting behavior upon interaction
with injected fluids is also described. This review also illustrates
the list of key experimental setups (e.g., core-flooding, contact angle measurement, NMR/ MRI, CT-Scan, micromodels, AFM, SEM)

that can be used to investigate the fluid–rock interactions at
multiple scales. The major functionalities, capabilities and the
pertinent advantages and disadvantages of each experimental
technique are also highlighted. Thus, this review provides: (a)
an insight into the state-of-the-art of key mechanisms during
interactions of fluids with rocks, (b) the multiscale experimental framework for characterizing these interactions, and (c) the
knowledge gaps pertinent to our scientific understanding of the
fluid–rock interactions and the associated interpretation of experimental measurements are highlighted. The findings of this
review are expected to enhance our knowledge of these interactions and thereby reduce the uncertainties associated with
laboratory-scale predictions.
2. Types of fluid–rock interactions in conventional rocks
Interaction of reservoir fluids (such as oil, gas, and formation
water), injected fluids (surfactant, polymer, CO2 , foam, among
others) and the reservoir rock occur over the life of petroleum
reservoir. The injected fluids such as seawater, low salinity water,
surfactant, polymer among others, may interact with the reservoir fluids and rock. When these fluids/chemicals are transported
in a porous medium, all or some of the following interactions
may occur; (i) the injected fluids/chemicals may react with one
another and/or with the fabric of the porous media; (ii) some
components/chemicals may get adsorbed onto or get desorbed
from the surfaces of the rock matrix; (iii) some components may
precipitate from the flowing phase onto the rock surface; (iv)
the rock minerals may dissolve or get detached from the rock
and go into the flowing phase (fines migration). Fig. 1 shows
some of these possible fluid–rock interactions in conventional
rocks. These interactions often affect the overall productivity of
the formation either negatively or in a favorable manner. During
surfactant and polymer flooding enhanced oil recovery (EOR),
reservoir and EOR fluids get adsorbed onto rock surfaces and
6358
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Fig. 1. Possible fluid–rock interactions in conventional rocks: (a) schematic of adsorption/desorption processes; (b) schematic of dissolution/precipitation at carbonate–
brine interface, the number marks illustrates; (1) rock dissolution and the release of Ca2+ ions, (2) formation of organic-ions clusters, (3) precipitation of organo-calcium
salts at the rock and within the fluid boundary layer, and (4) the formation of organic-ions precipitates in the bulk fluid (modified after Rao et al., 2021 with permission
from Wiley (c) Schematic of clay swelling and fines migration (modified after Li et al., 2021).

influence the overall economic efficiency of the recovery processes. Surfactants are injected to lower the interfacial tension
(IFT) between the reservoir fluids and rock, to alter the formation
wettability toward more water-wetting, and in some cases, the
aim of the surfactant is to form foam and lower gas mobility in
enhanced gas recovery (EGR). On the other hand, the requirement of polymer flooding is to lower the mobility ratio between
displaced and displacing fluid for higher sweep efficiency. In
both surfactant and polymer flooding, these fluids get retained
and their overall concentration get reduced in the flood stream
due to interaction with the reservoir formation/fluids. Fluid–
rock interactions where fluids adsorb unto rock surfaces such
as surfactant adsorption/retention, polymer adsorption/retention
play crucial role in the success of EOR. Adsorption can be thought

of as an interaction of the surfactant and/ or polymer molecules
with rock surface where the surfactant/polymer molecules are
bounded to the surface either by Van der Waal’s and/or hydrogen
bond (physical adsorption). Thus, this section provides a comprehensive review of possible fluids-rock interaction in conventional
rocks during EOR.
2.1. Surfactant adsorption/retention
Fluid–rock interactions, in general, may lead to the entrapment of the injected fluid in porous medium. Surfactant flooding
is widely used, for EOR, however, the key challenge (both technically and economically) is the surfactant retention/adsorption
6359
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anionic surfactant is increased in the presence of multivalent
cations, however, adsorption of this surfactant type (for instance,
petroleum sulfonate) on carbonate can be reduced by mixing with
alcohol (NEODOL sulfate)(Lawson, 1978). Compared to monovalent ions, anionic surfactants are more sensitive to divalent ions,
and this effect is more prominent at low surfactant concentration. For most surfactants, increasing the surfactant concentration
causes an increase in surfactant adsorption (see Fig. 2), while surfactant adsorption decreases with increase in pH and temperature
(Zhang et al., 2016). Consistent with an electrostatic adsorption
mechanism, anionic surfactant (DPES/AOS) adsorption increases
as the rock surface charge increases toward more positive values
(Mannhardt et al., 1993).
Cationic ammonium surfactant can desorb carboxylic materials from chalk surface and improve imbibition core flooding by reducing capillary forces. The hydrophobic properties
of the surfactant and the critical micelle concentration (CMC),
i.e. monomeric concentration of the surfactant are key parameters
in effective displacement of oil (Strand et al., 2006).
It has been shown that nonionic surfactants (ENP95 and
ENP150; where ENP95 has lower CMC than ENP150, with ethoxylation degree 9.5 and 15 respectively) (Curbelo et al., 2007;
Lawson, 1978), demonstrate higher adsorption when surfactant
have a smaller polar part, i.e., smaller ethoxylation degree. This
was attributed to the magnitude of the area (in Å) of the polar
part of these surfactant; the smaller the area, the larger the
amount required to cover the rock surface. Nonionic surfactant
monomers can, as well, adsorb as individual components through
hydrogen bonding between the poly-oxyethylene chain and the
hydroxyl groups on the surface, this occurs without an interaction among surfactant monomers usually during the early stage
of adsorption (Boomgaard et al., 1987; Curbelo et al., 2007).
Lawson (1978) studied the adsorption of anionic (petroleum
sulfonates) and non-ionic (polyethoxylated linear alcohols and
polyethoxylated octyl phenols) surfactants on sandstone and
carbonate formations. The adsorption of nonionic surfactants was
higher on sandstone and depends on the ethoxylation extent but
less sensitive to solution salinity when the content of ethylene
oxide is constant. Lower nonionic surfactant was adsorbed in
carbonate than in sandstone. For ethoxylated nonionic surfactants
with a similar head group, the longer tail will give higher adsorption, while for a given surfactant tail length, an increase in
surfactant ethylene oxide (EO) number could decrease the surfactant adsorption (Brinck and Tiberg, 1996). A branched surfactant
structure is more effective than straight — tailed surfactant of
the same length because it could increase the area occupied
by surfactant molecules on the rock adsorption site and reduce
adsorption (Adkins et al., 2010).
For low to moderate temperature, use of surfactant with
branched hydrocarbon chains, the addition of less hydrophilic
propylene oxide (PO) and/or ethylene oxide (EO), or using a blend
of surfactants having different hydrocarbon chain structures or
length eliminates the need for the use of alcohol as cosurfactant
in achieving microemulsion which reduces surfactant retention
during flooding (Abe et al., 1986; Hirasaki et al., 2011).
Higher solubility surfactants are less likely to precipitate compared to less soluble ones (Mannhardt et al., 1994). Surfactants
structure plays a role in adsorption, for instance, in the presence of calcium, internal olefin sulfonate (IOS) 1518 adsorb less
than alpha-olefin sulfonate (AOS) 1416 in moderate salinity brine
(2.27%) although IOS 1518 is less soluble than AOS 1416. However, amphoteric surfactants (such as Stepanflo 60 or Alkylamidebataine), despite being highly soluble do not show such trend
of increase in adsorption with a decrease in solubility. Solubility
of anionic surfactant is a function of divalent ion concentration,
temperature, salinity and surfactant molecular weight. However,

in the porous media (Curbelo et al., 2007). Surfactant retention
can be referred to as all the mechanisms that remove or reduce surfactant concentration from a flowing solution. During
surfactant flooding, surfactant adsorption is only one component of surfactant retention (Hirasaki et al., 2011), others are
phase trapping (mechanical entrapment i.e. when large molecules
are trapped in narrow flow channel or pores), and hydrodynamic retention (some molecules may be trapped in stagnant
flow region), and precipitation. Mechanisms of surfactant loss
or retention were identified to include surfactant precipitation
which is more pronounced in the presence of divalent ions (e.g.
Ca2+ and Mg2+ ) (Mannhardt et al., 1994, 1993), surfactant adsorption, degradation and phase trapping (surfactant diffusion to
dead-pore and partitioning of surfactant into oil phase) (Trogus
et al., 1977). Different mechanisms/driving force in which adsorption of surfactant on the rock surface take place include;
electrostatic interactions, hydrophobic solid interactions (hydrocarbon chain-hydrophobic solid site interaction), interactions of
van der Waals forces between the non-polar tail — surfactant
chains (hydrocarbon chain–chain interaction), chemisorption, hydrogen bonding, covalent bond, and adsorption via ion exchange
(Hill et al., 1977; Jian et al., 2016; Mannhardt et al., 1993; Zhang
and Somasundaran, 2006).
It was however, noted that surfactant adsorption is the predominant contributor to the retention loss (Dang et al., 2011).
Where both the solid surface (rock) and the surfactant are
charged, the main mechanism that governs surfactant adsorption
is electrostatic interaction where the charged rock surface and the
charged head of the surfactant molecule interact and causes the
surfactant to be adsorbed to the rock from the bulk fluid phases
(Zhang et al., 2016; Zhang and Somasundaran, 2006). The adsorption loss and the nature of the adsorption isotherm depends
on the co-surfactant and co-solvents (alcohols) used, salinity,
Eh (electrons activity), pH (potential hydrogen), microemulsion
viscosity, crude oil type and other variables (Curbelo et al., 2007;
Zhang et al., 2016). Given that surfactants are usually mixtures
of different species, there is tendency of chromatographic separation (preferential partitioning of some species into the oil
phase and/or preferential adsorption of some components of the
surfactant on pore surfaces) to occur. This can alter the IFT and
consequently, the wetting behavior of the rock surface. Despite
numerous studies on surfactant flooding in porous media, the exact mechanism of action of the surfactant during EOR applications
in rock with oil and brine, is still not fully understood (Curbelo
et al., 2007). The amount of the adsorbed surfactant depends on
the surfactant chemical structure and type, rock type, mineralogical composition, surface redox potential, pH and salinity of the
aqueous phase, and brine composition, these factors are discussed
in detail in the following section.
2.1.1. Surfactant type and chemical structure
Surfactants are classified based on the ionic nature of their
functional group as anionic, cationic, non-ionic, and zwitterionic.
Anionic Surfactants are mostly applied in enhanced oil recovery
for sandstone reservoirs, while cationic surfactants are sometimes
used in carbonates. These surfactants when injected, interact with
the reservoir rock and get retained either due to adsorption,
precipitation, phase trapping or thermal degradation. Adsorption
of various surfactant types and mixtures can be found in the
literature (Lawson, 1978; Zhang and Somasundaran, 2006). For
anionic surfactant, the adsorption mechanism proceeds due to the
ionic attraction of positive charge mineral from the rock surface
(sandstone or carbonate formation) and the negative charge from
the anionic surfactant. For oxide minerals (such as SiO2 ), the
potential determining ions (PDI) are hydroxide and hydroxonium
ions (Hirasaki et al., 2011; Saxena et al., 2019). Adsorption of
6360
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Fig. 2. Adsorption data of different surfactant types onto various rocks.

with decreasing pH, the acidification of the surfactant/kaolinite
system will release higher Al3+ into the system and cause more
precipitation. For such systems, precipitation of aluminum sulfonate can be the major retention mechanism (Siracusa and Somasundaran, 1986). Both the cationic cetylpyridinium chloride
(CPC) and the anionic sodium dodecyl sulfate (SDS) surfactants
adsorb onto kaolin because both positive and negative binding
sites (positive charge can develop on the edge and at the alumina face by direct H+ /OH− transfer from aqueous phase) exist
on this mineral surface depending on pH (Jiang et al., 2010;
Swartzen-Allen and Matijevic, 1974). An increase in pH alters the
supposedly positive charge on the edges of kaolin and makes it
more negative, which can further reduce the adsorption of SDS
surfactant (Xu et al., 1991).
Increasing salinity from low to moderate level increases surfactant adsorption (Mannhardt et al., 1994) while surfactants
containing phenyl group have a low tolerance to fluid salinity.
Furthermore, increasing divalent ions (e.g., CaCl2 and MgCl2 ) concentration also increases the adsorption of anionic surfactant on
sandstone and carbonates. Notably however, adsorption of the
amphoteric surfactant is higher on sandstone especially in the
presence of divalent ions (Mannhardt et al., 1994). Amphoteric
surfactant becomes predominantly cationic at low pH (Fig. 4), and
will thus adsorb more on negatively charged surfaces (such as
sandstone) at low pH (Mannhardt et al., 1994) (Mannhardt et al.,

amphoteric surfactant exhibits complex adsorption behavior, especially when electrostatic interactions are considered dominant.
Depending on the brine composition, salinity, and pH, amphoteric
surfactant behaves like anionic in some situations and cationic
in others (Fig. 3). Adsorption of amphoteric surfactants on sandstone proceeds mainly via the positive group, while adsorption
on limestone may occur by both the positive and the negative
(carboxyl) group. The presence of calcium ions, either at the
solid surface or in solution enhances adsorption by the carboxyl
group, possibly through complex formation (Amirmoshiri et al.,
2020). Adsorption of amphoteric surfactant is weakly dependent
on temperature.
2.1.2. Composition, pH, and salinity of aqueous phase
The adsorption of surfactant is a strong function of pH and
brine salinity, generally, adsorption increases with an increase in
salinity and concentration of divalent cation (Dang et al., 2011;
Mannhardt et al., 1994). For a pH range from 1 to 12, an increase
in pH decreases adsorption of anionic surfactant (AOS/OP) onto
kaolinite, however, its adsorption increases with solution salinity
for both CaCl2 and NaCl brines (Liu et al., 2005).
Furthermore, in the presence of clay minerals, the adsorption/desorption and precipitation of surfactant is a strong function of pH-dependent dissolution of the clay mineral (Sydansk,
1982). Since the dissolution of Al3+ from kaolinite (clay) increases
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Fig. 3. Amphoteric surfactant adsorption onto calcite and quartz surfaces.

Fig. 4. Amphoteric surfactant charge dependence on solution pH.

(Rajapaksha et al., 2014). Also, divalent ions make the surface of
carbonates more positively charged, and the electrostatic interactions repel cationic surfactant (such as CPC) from the interfacial
region (Ma et al., 2013). Amirmoshiri et al. (2020) suggested that
the wetting and redox state of rock surface should be considered in the laboratory study of surfactant adsorption. It should,
however, be noted that removal of iron oxide (ferric oxide) by
changing the redox state is often accompanied by calcium dissolution and cation exchange. In sandstone core restoration from
an oxidized to a reduced state (due to oxidation of pyrite upon
exposure to atmosphere) using reducing agents (e.g., Sodium
Dithionite), chelating agents, or buffer prior to laboratory adsorption analysis (even using non-destructive restoration methods
e.g., rinsing with brine) may lead to significant mineralogical
alteration due to chelation or precipitation (Levitt & Bourrel,
2016) — suggesting that careful design of laboratory experiments
is crucial to reduce the observation bias.

1994). While positive surfaces such as calcite will experience
higher repulsive force, thus less adsorption (Fig. 3 above). Amphoteric surfactants are sensitive to brine ionic strength (Cui et al.,
2015), the adsorption of zwitterionic surfactant, (cocamidoproyl
hydroxysultaine (CAHS)) on limestone was much lower for lower
brine salinity compared to high salinity (Nieto-Alvarez et al.,
2014).
2.1.3. Surface redox potential
In most laboratory surfactant adsorption studies, in order to
mimic the anaerobic condition of reservoirs, the redox potential
of the reservoir cores is restored to a reduced state by flushing the
cores with brine containing the reducing agent to convert ferric
to ferrous oxide (Amirmoshiri et al., 2020; Levitt and Bourrel,
2016a; Yesufu-Rufai et al., 2020), that is the restoration of Fe3+
to Fe2+ . Oxidation of rock cores results in higher adsorption of
cationic surfactant due to the reduction of clay minerals, which
leads to a more negative surface charge. If a formation contains
iron minerals, the redox condition influences the surface charge
(whether Fe2+ or Fe3+ ), thus the extent of adsorption of anionic surfactant depends on whether it is oxidation or reduction.
Lower adsorption on sandstone was recorded for reduction than
oxidation (Amirmoshiri et al., 2020; Wang, 1993). In sandstone
reservoirs, anionic surfactant adsorption is primarily due to clay
minerals presence as impurities, this significantly diminishes as
the surface redox potential is reduced, and ferric oxide is removed before surfactant flooding. The presence of ferric ions
causes an increase in anionic surfactant adsorption to rock matrix

2.1.4. Rock type
In situations where rock surface and surfactants are charged,
electrostatic interactions dominate the adsorption mechanism.
Sandstone reservoirs are typically composed of silica, feldspar,
and a substantial amount of clay minerals (usually illite, kaolinite,
chlorite, and montmorillonite), carbonates that serve as cementing materials (with divalent ions such as Ca2+ , Mg2+ , Fe2+ , and
Mn2+ ), and iron oxides such as siderite (FeCO3 ) (Amirmoshiri
et al., 2020; Levitt et al., 2015; Mamonov et al., 2017). Since
silica is negatively charged over a wide range of pH (greater
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Fig. 5. Adsorption data of surfactants on carbonate and sandstone formations.

than 1.7 to 3.5) (Kosmulski, 1998), sandstone reservoirs are generally considered negatively charged. Thus, anionic surfactants
are preferentially employed for surfactant flooding in sandstones
(Mannhardt et al., 1993), where the electrostatic repulsion between the rock and anionic surfactant inhibits the adsorption.
However, adsorption of an anionic surfactant on sandstone was
reported due to the presence of clay (Iglauer et al., 2010), therefore, in such cases, the adsorption will depend on the mode of
spread of the clay mineral in the formation (Ma et al., 2013).
Additionally, as reported recently, anionic surfactant adsorption
onto sandstone can also be due to hydrogen bonding between
water-dispersed SiO2 to form hydroxide (Si-OH) and the sulfonate
group of the surfactant (Saxena et al., 2019). Also, adsorption of
nonionic ethoxylated surfactant (such as C12−14 E22 ) is expected to
be relatively large in sandstones compared to carbonates because
of relatively high surface density of hydroxyl groups in sandstone
(Jian et al., 2016).
In contrast, carbonate reservoirs are somewhat complex to
generalize the overall surface charge either negative or positive because of the presence of salt-like minerals like dolomite
(CaMg(CO3 )2 ), calcite (CaCO3 ), and magnesite (MgCO3 ), and other

impurities (Hiorth et al., 2010). Carbonate reservoirs exhibit a
more complicated surface charge because their isoelectric point
(IEP) depends on the quantity of impurities (clay and/or silica),
pH, and solution ionic strength. They are generally positively
charged below the isoelectric pH and adsorb anionic surfactants
by ionic interaction (Austad et al. 2010a; (Gerold and Henry,
2018; Levitt et al., 2015). Carbonate reservoir is characterized
by high divalent ions (Ca2+ , Mg2+ ), surfactant (such as synthetic
or petroleum sulphonate) would adsorb considerably and form
calcium and magnesium salt that would partition into the oil
phase or precipitate. Adsorption of various surfactant types on
both carbonates and sandstone is shown in Fig. 5. Dissolved
calcium and magnesium ions have the tendency to cause surfactant precipitation (Hirasaki et al., 2011). However, it was shown
that a blend of surfactants with ethoxylated sulfate surfactant
has been successful in oil recovery in carbonate reservoirs. The
ethoxy group in the surfactant blend increases its tolerance to
divalent ions (Adams and Schievelbein, 1987; Hirasaki et al.,
2011). The complexity of carbonates surface charge makes it
difficult to generalize the application of either cationic or anionic
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Fig. 6. Zeta potential data of various minerals in the presence and absence of surfactants.

surfactant to minimize the adsorption through electrostatic interaction between the carbonate surface charge and the surfactant
(Ma et al., 2013). While the divalent cations render carbonate
surfaces more positively charged and thus minimize adsorption
of cationic surfactant, still the presence of traces of silica and/or
clay (and their distribution) in carbonates may trigger cationic
surfactant adsorption. This is because the silica and clay provide
strong negative binding sites for cationic surfactant adsorption
(via electrostatic interactions). Thus, the governing factor in the
adsorption of ionic surfactant in carbonate formations is the
quantity and distribution of impurities. The mode of distribution
of these impurities could be, for instance, cementing, laminating,
or scattered. This is somewhat consistent with recent observation
(Mohammed et al., 2021) — which concluded that the contacting minerals rather than the bulk mineralogy/lithology controls
surface wettability, and thus adsorption value.

on the contrary, clays have larger surface area and can have a
positive charge on the edges, are thus, potential adsorption sites
for anionic surfactants (Bennett and Hulbert, 2012).
Siderite (an iron mineral), when abundant in reservoir formation contribute to surfactant adsorption (Nguyen and Konstantinos, 2019). An estimated IEP from zeta potential measurement
on siderite was in the range 7.4–7.9 suggesting a positive surface
charge (Wolthers et al., 2008). The zeta potential and IEPs of
calcite and quartz is shown in (Fig. 6) (Elmofty et al., 2003;
Pillai and Mandal, 2019; Shen et al., 2021). Research presented
by Levitt and Bourrel (2016b) showed that anionic surfactant
adsorption increases in the presence of siderite, while no significant adsorption of cationic surfactant was observed. Divalent
ions of calcium and magnesium cause surfactant precipitation,
even when the surfactant is completely soluble in the injected
fluid (brine), calcium ion exchange between anionic surfactant
micelles and clays has the tendency of causing precipitation of the
surfactant in porous media. Mannhardt et al. (1994) and Guillon
et al. (2017) showed that during laboratory cores restoration,
often employed reductive chemicals (see above) dissolved calcite
minerals if present, this, in addition to the iron oxide effect, alter
the core pore-size distribution and mineralogical composition
to some extent, hence causing a discrepancy in the actual and
measured adsorption values. Therefore, the reported surfactant
adsorption could be a consequence of ferric oxide removal, calcite
dissolution, or ion exchange, or a combination of all these factors.

2.1.5. Mineralogical composition
Electrostatic interaction (either repulsion or attraction) between the ionic surfactant and the charged mineral surface is
the major adsorption mechanism when considering the influence
of mineralogical composition on the amount adsorbed. Kaolin
primarily consists of aluminum and silicon (Jian et al., 2016),
with a negative Zeta potential within a pH range from 2 to 12
(Au and Leong, 2013), silica is also negatively charged, while
dolomite and calcite are positively charged (Jian et al., 2016). For
clay minerals such as Kaolin, an increase in pH lead to a more
negatively charged kaolin surface (Jiang et al., 2010; Siracusa and
Somasundaran, 1986), this shows that the total charge of kaolinite
decreases with an increase in pH, thus less adsorption of anionic
surfactant at high pH (Liu et al., 2005; Tagavifar et al., 2018).
Considering a negative surface charge, as the pH increases, the
zeta potential will decrease and the total interaction potential will
increase, this consequently results in overall positive interaction
potential (Liu et al., 2005). Silica (SiO2 ) minerals, because they are
negatively charged over a wide range of pH (above the value of
3), are not readily adsorption sites for anionic surfactants, this
is also attributed to their low surface area (Kosmulski, 1998),

2.1.6. Effect of wettability
Rock wettability and surfactant adsorption can interchangeably affect each other (Amirmoshiri et al., 2020). Different surface
forces determine the adsorption of surfactant onto the rocks. For
nonionic surfactants, the electrostatic interactions between the
rock minerals and surfactants are negligible (Jian et al., 2016). The
governing adsorption mechanism for anionic surfactant in waterwet core is the ionic interaction between the positively charged
sites on the rock surface and the negatively charged surfactant
head group. In such instances, surfactant monomers adsorption
onto rock surface occurs via cation bridging and/or directly to
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that the surface charge of the silica sites is strongly influenced by
the positively charged sites (clay edges, calcite, and ferric oxide
coatings) (Amirmoshiri et al., 2020). In the presence of residbrine conditions (Ma et al., 2013). The increase in ionic strength in
the aqueous phase with the increase in CO2 partial pressure in the
ual oil, rock wettability also influences surfactant adsorption by
gas phase indicates mineral dissolution from the calcite surface.
preferentially partitioning to the brine/oil interface, resulting in
Since CO2 acidifies the surfactant solution, the process is extwo-phase trapping (Richter et al., 2016). For water-wet sandpected to make the carbonate surface more positively charged.
stone cores, fluid–rock interactions such as calcite dissolution and
This leads to a negative adsorption of cationic surfactant (CPC) on
cation exchange with the clay minerals may cause an increase in
dolomite. It also reduces the adsorption of cationic CPC surfactant
calcium concentration and consequently, lower anionic surfactant
on limestone. Negative adsorption of CPC on natural carbonates
concentration in core-flood effluent. An increase in acidity in
was not reported by previous researchers. However, this considflowing stream can result in calcite dissolution and divalent ion
ers low composition of silicon in the formation. The precipitation
removal from the clay minerals.
of anionic surfactant (SDS) on carbonates is due to strong electroSigal et al. (1998) documented the effect of wettability on adstatic interactions between the multivalent counterion (dissolved
sorption isotherms of anionic surfactant (SDS) on self-assembled
Ca2+ and Mg2+ in this case) and sulfate surfactants (Iyota et al.,
monolayers (SAMs) with a wide range of wettability. Adsorp2010) which lead to the formation of calcium salt of the anionic
tion levels were considerably lower on hydrophilic than the hysurfactant (precipitate) (Fig. 8). CO2 reduces the adsorption of
drophobic surfaces. Furthermore, the adsorption (and the preCPC on carbonate (limestone and dolomite) by increasing the zeta
vailing mechanisms) was considerably affected by the level of
potential at the mineral surface due to CO2 solubilization and a
the surface hydrophobicity. Moreover, the influence of the rock
decrease in pH (Cui et al., 2015; Ma et al., 2013).
wettability on the adsorption of SDS was found to be a function
However, the adsorption of nonionic surfactant (C12−14 E22 ), is
of whether micelles were present in the surfactant stream. Above
not affected by changes in surface charge and pH due to CO2 soluthe critical micelle concentration (CMC), the anionic surfactant
bilization in the reservoir fluids. Most nonionic surfactants could
adsorbed only on neutral to intermediate wet surfaces (air/brine
interact via hydrogen bonds (Somasundaran and Krishnakumar,
contact angle = 76◦ to 112◦ ) while adsorption was more complex
1997), the adsorption is governed by hydrogen bonding between
below the CMC and SDS adsorbed more on oil-wet surfaces. Other
the hydroxyl group on the rock mineral surface and the oxygen
studies reported a lower surfactant adsorption on water-wet than
in the ethoxy groups of the nonionic surfactant rather than the
neutral wet–wet sandstone (Amirmoshiri et al., 2020) while the
electrostatic interactions of ionic components (Jian et al., 2016).
additional adsorption (in neutral to oil-wet surfaces) was due
However, (Jian et al., 2016) showed that for ethoxylated nonionic
to hydrophobic interaction of the surfactant and crude oil comsurfactant (C12−14 E22 ), even with an increase in acidity and zeta
ponents (e.g., organic acids [naphthenic acid] and organic base)
potential, the adsorption on dolomite was unaffected by CO2
deposited on the rock surface. Above the CMC, the organic com(Fig. 9). Because nonionic surfactant does not carry charge, they
ponents are detached from the rock surface and solubilized by the
shows reduced adsorption on rocks, thus, nonionic surfactants
micelles, the accompanying surfactant monomers are also desare promising candidates for CO2 foam EOR in carbonate. Adkins
orbed and added to the aqueous surfactant phase. Consequently,
et al. (2010) investigated the adsorption of nonionic petroleum
the released surfactant leads to a higher surfactant concentration
surfactant in both CO2 – water and air–water interfaces as a funcin the effluent compared to the concentration of the injection
tion of the EO group length and the structure of the surfactant
solution (see Fig. 7). However, it should be noted that asphaltene
tail. The authors found out that due to lower interfacial tension,
components were not considered in their study.
greater contact between the phases, and increased solvation due
Amirmoshiri et al. (2020) proposed further, that, for the
to CO2 , the CO2 – water shows lower adsorption compared to the
neutral-wet case (Fig. 7b), two main mechanisms are responsible
air–water interface. Furthermore, for the liquid–liquid interface,
for surfactant monomers adsorption: an electrostatic attraction
hydrophobicity, and surfactant adsorption also increases with an
like the water-wet surface, and additional tail–tail interaction
increased number of tail chains and branching of the surfactant.
between the surfactant hydrocarbon chains and the adsorbed hydrophobic hydrocarbon components. The organic species/components A summary of surfactant adsorption and influencing factors in
porous media is provided in Table 2.
are groups of positively charged basic components and negatively
charged acidic (possible e.g., naphthenic acid) components in
crude oil that adsorb on the rock surface through acid/base
2.2. Polymer adsorption/retention
interactions (Buckley and Liu, 1998; Stanford et al., 2007). Also,
for neutral-wet sandstone, surfactant precipitation is not signifPolymer molecules adsorbs on surface of rock due to the affinicant, as reported, because of the presence of oil which reduces
ity between them. Polymer adsorption should be less than 1 mg/g
surfactant (anionic AOS 1416) precipitation in the aqueous phase
of rock for optimal efficiency (Han et al., 2014). Adsorption of
due to partitioning of the surfactant into the oil phase.
polymer can cause severe damage to the formation (Kakati et al.,
2020). Ferreira and Moreno (2020) reported that polymer adsorbs
2.1.7. Effect of co2 /co2 -foam on surfactant adsorption
in multiple sites on rock surface because of its large molecular
The understanding of the influence of CO2 on fluid–rock insize, and it is difficult to desorb the entire molecules from the
teraction is crucial especially in the design of CO2 foam EOR for
rock surface — suggesting irreversible adsorption (Kakati et al.,
economic optimization and optimal recovery. The presence of CO2
2020; Zhang and Seright, 2014).
at 0.1 MPa lowers the pH of deionized (DI) water to around 6.0
Like surfactant, polymer retention could be due to mechanical
in equilibrium with calcite and, this consequently increases the
trapping and adsorption unto the rock surface, it depends on the
concentration of calcium ions by an order of magnitude. Brine
chemical nature and composition of the polymer, temperature,
containing CO2 at 0.1 MPa will cause an increase in acidity when
rock type, pH, and fluid salinity (Kamal et al., 2015; Shah, 2012).
in contact with calcite or dolomite surfaces and exacerbate disMoreover, lithology also influences polymer adsorption (Ferreira
solution, thus become saturated with calcium and/or magnesium
and Moreno, 2020) e.g., presence of iron and clay minerals affect
ions. These ions become potential determining ions in addition
the amount of adsorbed polymer: high specific surface area of
to carbonate and hydroxonium ions, thus cause deposition of
clay causes higher polymer adsorption (Al-Shajalee et al., 2021;
dolomite or calcite onto the silica surface sites and make the silica
Broseta et al., 1995; Manichand and Seright, 2014). While iron
surface have a charge closer to dolomite or calcite. This implies
minerals, either multivalent (ferric) or divalent (ferrous) ions
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Fig. 7. Surfactant adsorption in sandstone surfaces (a) water-wet and oxidized; (b) neutral-wet and oxidized.
Source: adapted from Amirmoshiri et al. (2020) with permission from American Chemical Society.

At high temperature, the hydrogen bonding decreases since PAM
hydrolyses to form some charges, for negatively charged surfaces
such as kaolinite and silica, this will cause the adsorption to
decrease due to decrease in hydrogen bonding and increase in
repulsive force (Hollander et al., 1981). However, for positively
charged surfaces (such as calcite) the magnitude of adsorption
depends on the degree of hydrolyses and the hydrogen bonding
initially formed.
Broseta et al. (1995) investigated the effect of sandstone wettability on anionic (HPAM) and nonionic (PAM and polysaccharides [Xanthan and scleroglucan]) polymer adsorption, they found
higher adsorption of nonionic than anionic polymer on hydrophobic surfaces. At low pH (4.2) and high salinity, desorption increases with hydrophobicity. In all, adsorption of both anionic

increase anionic polymer adsorption via counterion interaction
(Bennett and Hulbert, 2012; Manichand and Seright, 2014; Wan
and Seright, 2017). In the unhydrolyzed form, polyacrylamide
(PAM) is nonionic (Al-Shajalee et al., 2022), it is therefore, not
employed alone in EOR because of its high adsorption on rock surfaces (Sheng, 2010). The adsorption of PAM in the unhydrolyzed
form is mainly through hydrogen bonding between charged rock
surface and amide group (Atesok et al., 1988). As the formation brine salinity decreases, PAM polymer adsorption on silica
also decreases (Kakati et al., 2020). The amide group (CONH2 )
in PAM hydrolysis when reacted with base (such as sodium
carbonate, potassium, or sodium hydroxide) to form carboxyl
groups (COO-) at moderate temperature and/or pH makes the
backbone negatively charged (Kamal et al. 2015a; (Sheng, 2010).
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Fig. 8. Effect of CO2 on cationic and anionic surfactant (CPC/SDS) adsorption mechanism on carbonates in DI water: (a) cationic surfactant adsorption on carbonates
in deionized water; (b) anionic surfactant adsorption on carbonates; (c) cationic surfactant adsorption on carbonates at 0.1 MPa CO2 pressure; (d) anionic surfactant
adsorption on carbonate at 0.1 MPa CO2 .
Source: (adapted from Ma et al. (2013) with permission from Elsevier.

Fig. 9. Adsorption of C12−14 E22 in DI water on dolomite sample at 298 K in 0.101 MPa CO2 (red squares) and 0.101 MPa air (blue circles).
Source: re-plotted from Jian et al. (2016) with permission from American Chemical Society.

and nonionic polymers is higher in hydrophobic compared to
hydrophilic surfaces. On the contrary, recent simulations by Dang
et al. (2014) noticed an additional polymer adsorbing layer in
water wet sand to oil wet sand. Polymer adsorption is dependent
on the molecular weight of the polymer, the higher the molecular
weight the lower the adsorption, while lower pH gives lower
adsorption (Al-Shajalee et al., 2021). Furthermore, the higher

the salt concentration the higher the adsorption. Polymer retention mechanism results in formation permeability reduction
during polymer flooding (Wever et al., 2018). Moreover, high
temperature leads to increase in the negative charges on the rock
surfaces (Sheng, 2010). Kamal et al. (2015) noted that cationic
polymers cannot be employed in sandstone formations because
of strong electrostatic attraction between the rock surface and
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Table 2
Summary of surfactant adsorption and influencing factors in porous media.
Factors/parameters

Influence on surfactant adsorption

References

anionic

1. For anionic surfactants, adsorption mechanism proceeds mainly via ionic attraction of
positive charge mineral site from the rock surface (sandstone or carbonate formation)
and the negative charge from the anionic surfactant.
2. Anionic Surfactants are mostly applied for EOR in sandstone reservoirs.
3. Adsorption of anionic surfactant is increased in the presence of multivalent cations.

Lawson (1978)

cationic

1. Cationic surfactants are sometimes used in carbonate reservoirs
2. Increasing the surfactant concentration causes an increase in surfactant adsorption
on sandstone, while adsorption decreases with an increase in pH and temperature.

Zhang et al. (2016).

zwitterionic

1. Based on electrostatic interactions, amphoteric surfactant exhibits complex
adsorption behavior; depending on the brine composition, surface charge, salinity, and
pH, amphoteric surfactant behaves like anionic in some situations and cationic in
others: they become predominantly cationic at low pH, thus, based on electrostatic
consideration, they adsorb more on negatively charged surfaces (such as sandstone) at
low pH compared to positive surfaces such as calcite in carbonate, and will experience
higher repulsive force, thus less adsorption.
2. The adsorption of zwitterionic surfactant (CAHS) on limestone is lower for low brine
salinity compared to high salinity.
3. Adsorption of amphoteric surfactants on sandstone proceeds mainly via the positive
group, while adsorption on carbonate may occur by both the positive and the negative
(carboxyl) group. The increasing divalent ions, either at the solid surface or in solution
enhances adsorption on both rock types (but higher in sandstone) by the carboxyl
group through complex formation.

Mannhardt et al. (1993, 1994),
Nieto-Alvarez et al. (2014) and
Cui et al. (2015).

nonionic

1. Here, electrostatic interactions between the charged rock minerals and surfactants
are negligible.
2. Most nonionic surfactants could interact via hydrogen bonds; hence, their adsorption
is governed by hydrogen bonding between the hydroxyl group on the rock mineral
surface and the oxygen in the ethoxy groups (e.g., polyoxyethylene chain) of the
nonionic surfactant rather than the electrostatic interactions of ionic components.
3. The adsorption of nonionic surfactant (e.g., polyethoxylated linear alcohols and
polyethoxylated octyl phenols) is higher in sandstone than carbonate, and depends on
the ethoxylation extent.

Jian et al. (2016),
Somasundaran and
Krishnakumar (1997), Jian
et al. (2016) and Curbelo et al.
(2007).

Surfactant structure

1. Adsorption is higher for surfactants with a smaller polar part, that is, smaller
ethoxylation degree.
2. For ethoxylated nonionic surfactants with similar head group, the longer tailed will
give higher adsorption, while for a given surfactant tail length, an increase in ethylene
oxide (EO) numbers could decrease the surfactant adsorption.
3. The larger the molecular weight of the surfactant the higher the adsorption.
4. A branched surfactant structure is more effective than straight-tailed surfactant of
the same length, because it molecules occupy larger area on the rock adsorption site
and reduce adsorption.
5. For low to moderate temperature, use of surfactant with branched hydrocarbon
chains, the addition of less hydrophilic PO and/or EO, or using a blend of surfactants
having different hydrocarbon chain structures or length reduces surfactant retention.

Curbelo et al. (2007), Lawson
(1978), Brinck and Tiberg
(1996), Adkins et al. (2010),
Abe et al. (1986) and Hirasaki
et al. (2011).

Fluid composition

1. Adsorption of anionic (DPES/AOS) and amphoteric (betaine) surfactants on sandstone
and limestone formations is higher in brine containing both monovalent (NaCl and
Na2 S04 ) and divalent salts (CaCl2 and MgCl2 ) than in brine with only monovalent NaCl.

Mannhardt et al. (1993).

pH

1. In the presence of clay minerals, surfactant adsorption is a strong function of pH.
2. For a pH range from 1 to 12, an increase in pH decreases adsorption of anionic
surfactant (AOS/OP) onto kaolinite, however, its adsorption increases with solution
salinity for both CaCl2 and NaCl.

Siracusa and Somasundaran
(1986) and Dang et al. (2011)

Fluid salinity

1. Generally, adsorption increases with an increase in salinity and concentration of
divalent cation.

Dang et al. (2011) and Liu
et al. (2005)

Redox potential

1. For formation containing iron minerals, the redox condition influences the surface
charge (whether Fe2+ or Fe3+ ), thus the extent of adsorption of anionic surfactant
depend on whether it is oxidation or reduction; lower adsorption on sandstone was
recorded for reduction than oxidation.
2. Oxidized rock cores result in higher adsorption of cationic surfactant due to the
reduction of clay minerals, which leads to more negative surface charge.

Wang (1993) and Amirmoshiri
et al. (2020).

Surfactant type

(continued on next page)

the cationic polymer. A better recovery is expected when applied to carbonate reservoirs. Anionic sulfonate polymer behaves
differently in carbonate and sandstone reservoirs, likewise, the
adsorption behavior is different when salt is added. In summary,

polymer interactions with carbonate and sandstone rocks have
been actively investigated, still the influence of some rock minerals such as anhydrite on polymer adsorption and the predominant adsorption mechanism require further studies. Furthermore,
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Table 2 (continued).
Factors/parameters
Rock type

Influence on surfactant adsorption

References

sandstone

1. Sandstone is generally considered negatively charged due to predominant quartz
(silica, SiO2 ) content; the electrostatic repulsion between the rock formation and
anionic surfactant inhibits adsorption, thus, anionic surfactants are preferentially
employed in such reservoirs than the other surfactant types.
2. It is worth noting that adsorption of an anionic surfactant on sandstone were
reported due to the presence of clay, therefore, in such cases, the adsorption will
depend on the amount and mode of distribution of the clay mineral in the formation.
3. Adsorption of nonionic ethoxylated surfactant (such as C12−14 E22 ) in sandstone is
expected to be relatively large compared to that in carbonates because the surface
density of hydroxyl group is relatively high in sandstone.

Mannhardt et al. (1993),
Iglauer et al. (2010), Ma et al.
(2013) and Jian et al. (2016)

carbonate

1. Carbonate rocks are somewhat complex to generalize the overall surface charge
either negative or positive because of the presence of salt-like minerals like dolomite,
calcite, and magnetite and other impurities; and their IEP depends on the quantity of
impurities (clay and/or silica), pH and solution ionic strength.
2. Nonetheless, they are typically positively charged below the isoelectric pH and
adsorb anionic surfactants by ionic interaction.
3. Presence of abundant silica and/or clay in carbonate results in considerable amount
of adsorption of cationic surfactants.

Hiorth et al. (2010), Gerold
and Henry (2018) and Levitt
et al. (2015).

1. Electrostatic interaction between ionic surfactant and charged mineral surface is the
major adsorption mechanism when considering the influence of mineralogical
composition on the amount adsorbed.
2. Clay minerals such as Kaolin primarily consists of aluminum and silicon, with a
negative Zeta potential within a pH range from 2 to 12, silica is also negatively
charged, while dolomite and calcite are positively charged.
3. Kaolin adsorbs both cationic and anionic surfactant because both positive and
negative binding sites exist on this mineral surface depending on pH; an increase in pH
lead to a more negatively charged kaolin surface, thus less adsorption of anionic
surfactant at high pH; clays have larger surface area compared to Silica (SiO2 ) minerals
and can have positive charge on the edges, so, they are potential adsorption sites for
anionic surfactants.
4. Silica (SiO2 ) minerals are negatively charged over wide range of pH (above value of
3), hence, are not readily adsorption sites for anionic surfactants.
5. Siderite (an iron mineral; with estimated IEP in the range 7.4–7.9), when abundant
in reservoir formation contribute to anionic surfactant adsorption.
6. The mode of distribution (for instance, cementing, laminating, or scattered mode) of
these minerals in rock also affects the adsorption value.

Jian et al. (2016), Au and
Leong (2013), Jiang et al.
(2010), Tagavifar et al. (2018),
Kosmulski (1998), Bennett and
Hulbert (2012), Wolthers et al.
(2008) and (Levitt & Bourrel,
2016).

water-wet

1. The governing adsorption mechanism for anionic surfactant in water-wet core is
ionic interaction between the positively charged sites on the rock surface and the
negatively charged surfactant head group.

Amirmoshiri et al. (2020).

oil-wet

1. Adsorption levels for anionic surfactant (SDS) are lower on hydrophilic than the
hydrophobic surfaces; that is, lower surfactant was adsorbed on water-wet than neutral
wet–wet sandstone due to additional adsorption via hydrophobic interaction of the
surfactant and crude oil components deposited on the rock surface.

Sigal et al. (1998).

neutral-wet

1. Crude components increase the amount of adsorbed surfactant in the neutral-wet
rock compared to water-wet rock.
2. For the neutral-wet rock, two main mechanisms are responsible for surfactant
adsorption: electrostatic attraction like the water-wet surface, and additional tail–tail
interaction between the surfactant hydrocarbon chains and the adsorbed/deposited
hydrophobic oil components on the rock surface.

Amirmoshiri et al. (2020) and
Somasundaran et al. (1984).

1. Brine containing CO2 at 0.1 MPa will cause an increase in acidity (decrease in pH)
when in contact with calcite or dolomite surfaces and exacerbate dissolution, thus
become saturated with calcium and/or magnesium ions. These ions become PDIs in
addition to carbonate and hydroxonium ions, thus make the silica surface less negative.
2. Since CO2 acidifies surfactant solution, carbonate (limestone and dolomite) surface is
expected to be more positively charged and consequent low adsorption of cationic CPC
surfactant.
3. However, the adsorption of nonionic surfactant (C12−14 E22 ), is unaffected by CO2 .

Ma et al. (2013), Cui et al.
(2015) and Jian et al. (2016).

Mineralogy

Wettability

Carbon dioxide

polymers are often combined with surfactants and/or alkalis, and
the subsequent subsections describe the interactions in these
systems.

second layer adsorption of surfactant. Samoshina et al. (2003)
investigated the adsorption of an anionic and cationic modified
PAM on silica and found increased PAM adsorption on sandstone
rocks in the presence of divalent ions. Also, the addition of nonionic surfactant increases the adsorption of non-ionic polymer on
silica surface. For partially hydrolyzed polyacrylamide (HPAM),
the presence of COO- results to an increase in adsorption in
carbonates due to strong electrostatic attraction of the counterions (Ca2+ and COO-). It was shown by Cao et al. (2015) and
Wang et al. (2015) that using amphoteric surfactant flooding in

2.2.1. Surfactant–polymer adsorption/retention
If polymer and/or alkali is added to surfactant solution, it may
partition into the oil, brine and the surfactant films in a different
way from the surfactant partition (Hirasaki et al., 2011). When
both surfactant and polymer are mixed, competitive adsorption
occurs and adsorption decreases because the polymer prevents
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carbonate cores, the surfactant adsorption is reduced when mixed
with polymer in an SP flooding.

which facilitates the desorption of negatively charged carboxylic
materials by changing the surface charge of the chalk.
Using spontaneous imbibition, Zhang et al. (2007b) showed
that the adsorption of Ca2+ modified the wetting conditions
both at low and high temperatures, while Mg2+ can alter the
wettability only at high temperatures. At elevated temperatures,
Mg2+ can even substitute Ca2+ in the Ca2+ – carboxylate complex
formed from the chalk surface and increase water wetness (Korsnes et al., 2006; Zhang and Austad, 2006) (see Fig. 10). It can
be summarized from these studies that the adsorption of ionic
species such as Ca2+ , SO24− and Mg2+ during seawater flooding
trigger wettability reversal. Wettability modification is triggered
by SO24− due to its ability to either directly displace the adsorbed
carboxylate species (Gomari et al., 2006) or by shifting the surface
potential toward more negative values thereby weakening the
affinity of the carboxylates of the surface (Strand et al., 2006;
Zhang and Austad, 2005; Zhang et al., 2007c). Most other studies,
however, attributed the effect of SO24− to changes in the surface zeta potential caused by its adsorption (Alotaibi and Yousef,
2017), which draws the cations (Ca2+ and Mg2+ ) closer to the
surface and displace the adsorbed oil carboxylate species ((Fathi
et al., 2010). However, a higher concentration of SO24− does not
always result in an increase in oil recovery (Song et al., 2020b).
Consequently, the role of SO24− ions is often described as catalytic
(Austad, 2013).
For smart water flooding, it was documented by several authors that sulfate ion adsorption is essential for wettability modification and that none of the PDIs can on its own, induce wettability reversal (Awolayo et al., 2016); Karimi et al. 2016a; (Sohal
et al., 2017). Liu et al. (2018) investigated the roles of adsorption
of Na+ , Ca2+ , Mg2+ , SO24− and Cl− ions on the wettability of
smooth calcite surface using quantum molecular dynamics simulations and observed that Na+ and Cl− reside closer to the calcite
surface compared to the divalent ions. They also noticed that
increase in temperature enhanced the adsorption of the monovalent ions which causes an increase in surface potential and more
water wetness. Although Na+ and Cl− are generally regarded
of low affinity to calcite surface, when these ions are present
at high concentration, their surface interaction is significant to
influence the wetting behavior. Most of these studies (Austad,
2013; Bai et al., 2021; Song et al., 2020a; Strand et al., 2006;
Zhang et al., 2007c; Ahmadi et al., 2017) did not consider the
effect of anhydride and added NaCl or HCl for salinity and pH
regulation during investigation.
Recently, Song et al. (2020b) reported that Na+ is responsible for oil wetness on calcite surface. This finding is similar to
the quantum molecular dynamics (MD) simulation by Liu et al.
(2018), and Koleini et al. (2018) reported that Na+ resides close
to the calcite surface compared to divalent ions (Ca2+ , Mg2+ ),
thus reducing the overall calcite/water adhesion energy and consequently, more oil-wet surface. Therefore, reducing the NaCl
concentration during low salinity water flooding implies altering
the wettability of the calcite surface to more water wetting(Song
et al., 2020a). The visualization study by Ricci et al. (2013) and
Guo and Kovscek (2019) using atomic force microscopy (AFM)
showed that Na+ exists in the Stern layer closer to the surface
than the divalent ions. Similar conclusions were drawn in the
work of (Sakuma et al., 2014) based on density function theory
(DFT).
Alshakhs and Kovscek (2016) calculated the disjoining pressure of Mg2+ and SO24− from zeta potential using DLVO (Derjaguin, Landau, Verwey and Overbeek) theory of surface forces
and found that the role of Mg2+ ions to modify the wettability
of calcite surface to more water wetness is greater than that of
SO24− ions. This is consequent of the interaction between the brine
ions, the oil and the calcite surface. They further observed that
the contribution of calcite/brine interactions is less significant

2.2.2. Alkaline-surfactant–polymer adsorption/retention
Alkaline/surfactant flooding was proposed by (Nelson et al.,
1984), which involves the injection of solution containing both
surfactant and alkali for EOR. The main aim of adding alkali
in surfactant flooding is to reduce the adsorption of surfactant
by sequestering divalent ions in the rock/fluid interface. The
role of alkali is to serve as potential-determining ion, to reverse the charge of positively charged mineral site. Alkali also
forms foam/soap when it reacts with naphthenic acid in the
crude oil which serves as IFT reducing agent, thus alkali can
alter the wetting state of rock surface to either more oil-wet
or water wet (Hirasaki et al., 2011) depending on surface/fluid
characteristics. Zhang et al. (2016) investigated the adsorption
of anionic, nonionic and blended surfactants adsorption in tight
rock (0.004 to 0.008 mD) at room temperature using core flooding
and UV-spectrometry. They showed that the addition of alkali to
anionic surfactant reduces its adsorption. The alkaline additive
aid surfactant desorption from the rock surface (Gupta et al.,
2009). Alkali anions such as silicate, carbonate, and phosphate
sequester divalent cations (especially when the product have low
solubility) to lower concentration (Holm and Robertson, 1981).
The mechanisms responsible for a decrease in the effectiveness of
alkali flooding include clay dissolution with precipitation of zeolite, hydrogen ion exchange, silica dissolution, gypsum/anhydrite
dissolution with precipitation of calcite or silicate of calcium hydroxide, dissolution of dolomite with precipitation of magnesium
or calcium silicate, divalent ion exchange with precipitation, and
mixing of alkali with divalent ion in brine with precipitation
(Hirasaki et al., 2011; Holm and Robertson, 1981; Novosad and
Novosad, 1984; Thomas et al., 2016). However, the dissolution of
clay depends strongly on clay type and pH (Sydansk, 1982). The
application of sodium carbonate in carbonate formation is limited
in the presence of anhydrite or gypsum since it will dissolve and
form calcite precipitate (Hirasaki et al., 2004; Liu et al., 2005).
ASP applications in anhydrite-bearing reservoirs has been actively investigated, yet, there is no generally acceptable workflow
to minimize ASP consumption/degradation by anhydrite during
flooding, thus, this area need further investigations.
2.3. Ions adsorption (from water, oil, carboxylate)
To understand the fundamental physico-chemical interactions
governing adsorption of ionic species during seawater flooding
and smart water EOR in petroleum reservoirs, cations and anions interaction must be understood. Due to partial dissociation
of carboxylic group, the oil–water interface becomes negatively
charged, while the charge of the rock–water interface is determined by the potential determining ions present in the formation
water and the prevailing pH (Strand et al., 2006). In seawater
flooding, the major potential determining ions are Ca2+ , SO24−
and Mg2+ , with the concentration of SO24− about twice Ca2+ in
seawater, Mg2+ has the highest concentration, about twice the
concentration of SO24− ,while the concentration of Ca2+ is high
in formation water and low concentration of SO24− (Pierre et al.,
1990; Strand et al., 2006; Zhang and Austad, 2006). Calcium ions
(Ca2+ ) can also adsorb on silica and make the silica surface less
negative. Strand et al. (2006) studied the influence of Ca2+ on
the adsorption of SO24− onto the chalk surface at different temperatures using chromatographic separation technique between
a tracer, SCN-, (Na2 SO4 . KSCN) and sulfate while maintaining
a constant salinity and pH by adding NaCl or HCl. Adsorption
of SO24− onto chalk surface promotes the co-adsorption of Ca2+
6370

A. Isah, M. Arif, A. Hassan et al.

Energy Reports 8 (2022) 6355–6395

Fig. 10. Schematic of ionic adsorption/desorption during seawater flooding; (a) when Ca2+ and SO24− are active at lower and high temperature. (b) Mg2+ can
substitutes Ca2+ in the Ca2+ –carboxylate complex at high temperature.
Source: adapted from Zhang et al. (2007b) with permission from Elsevier.

compared to oil/brine. On the contrary, Song et al. (2020b) and
Shaik et al. (2020) documented that wettability alteration and
increase in oil recovery by addition of Mg2+ (MgSO4 ) is lower
compared to an addition of Na2 SO4 . Adsorption of Mg2+ is less
favorable to wetting alteration than SO24− . They argued that the
adsorption mechanism and consequent increase in surface water
affinity reported by other authors (Strand et al., 2006; Zhang et al.,
2007b) may be specific to particular brine/oil/rock systems. They
showed that reduction in NaCl concentration favors wettability
alteration toward water wetness.

ionic interaction, however, this interaction was not able to alter
the carbonate wettability.
Adsorption of oil carboxylates (oil-wet state) as well as of the
Ca2+ , Mg2+ , and SO24− ions as PDIs determines rock surface wetting behavior. The carboxylic group (R–COO− ) in the oil phase is a
strong hydrophilic group, which can create some water saturation
close to the bonding sites at chalk surface (Zhang et al., 2007c).
Similarly, the positively charged edges of kaolinite may adsorb
negatively charged carboxylate components of the oil and make
that portion of clay solids partially oil-wet (Jiang et al., 2010).
The molecular dynamic simulation of (Bai et al., 2021) showed
that ionic adsorption causes wettability modification from oil
wet (caused mainly by the oil carboxylate adsorbed on the rock)
to water wetness. The mechanism, as proposed by the authors
involved initial adsorption of Ca2+ , which facilitates adsorption
of SO24− . The rock surface charge becomes less positive due to
SO24− adsorption thus lowering the electrostatic attraction between the positive rock surface and the negatively charged oil,
this enables the detachment of the Ca2+ –carboxylate complexes
(RCOO–Ca+ ) due to electrostatic repulsion. They emphasize that
an initial surface adsorption of Ca2+ is necessary for the attraction
of SO24− . Ionic adsorption mechanisms are complex and often,
there exist an interplay between the proposed mechanisms, this
makes it challenging to predict. Therefore, investigation of the
ionic adsorption mechanisms during low salinity and other chemical flooding, and using different crude oil types under various
conditions of temperature and pressure, is a potential research
area.

2.3.1. Effect of crude oil type on ions adsorption
Crude oil type and composition influences ions adsorption.
Carboxylic material adsorption to rock (carbonate) surface is
the strongest among the polar components of the crude oil
(Thomas et al., 1993). It is worth mentioning that adsorption of
carboxylic group and natural surfactants (asphaltenes and resins)
onto rock makes reservoirs oil-wet (Hamouda and Gomari, 2006);
(Rezaei Gomari and Hamouda, 2006). Thus, the oil wetness of
carbonates formation increases as the content of polar components in the crude oil increases (Standnes and Austad, 2000).
The impact of crude oil SARA (Saturate, Aromatic, Resin and
Asphaltene) fractions and how it influences wetting behavior of
a given rock/oil/brine system has been investigated. The SARA
fractions of crude oil affect ions adsorption, which in turn, influence the IFT between crude oil/ water system. Generally, the
IFT of crude/water system decreases with decrease in salinity,
however, in the presence of the polar components of the SARA
fractions (i.e., asphaltene and resin), an opposite trend often
occur (Lashkarbolooki et al., 2016). During smart water flooding
in asphaltenic crude oil reservoirs, asphaltene and resin form
complex ions in aqueous phase, in the presence of Ca2+ and Mg2+
ions, their solubility increases. Additionally, SO24− ions enhance
the adsorption of asphaltene and resin from the crude oil to
the oil–water interface, thus causing a reduction in the IFT in
oil–water interface (Lashkarbolooki et al., 2014; Moradi et al.,
2019).
For wettability alteration from oil-wet to water-wet to take
place, the initially adsorbed polar crude oil components must
be desorbed from the rock mineral surface (Mamonov et al.,
2017). Strand et al. (2006) attributed wettability alteration to
two mechanisms: change in surface charge and the desorption of
carboxylic group from the rock surface due to Ca2+ –carboxylate
formation caused by a decrease in positive charge (of chalk surface) due to adsorption of SO24− . Hajibagheri et al. (2017) showed
that C12 TAB cationic surfactant can desorb asphaltene, resin and
carboxylic acids from oil that adsorbed on carbonate surface via

2.4. Rock dissolution
Fluid injection into the reservoir system will induce different
levels of rock dissolution depending on the type of the injected
fluids and the reservoir mineralogy. For example, carbonate rocks
are more reactant compared to sandstone, hence, more rock
dissolution will be expected in carbonate reservoirs. The fluid
type can significantly affect the level of surface dissolution; acids
have shown the highest impact due to their fastest reaction
rate. Typically, rock dissolution is associated with chemical EOR
which is extensively applied to improve reservoir productivity
and increase oil recovery (Frenier et al., 2001; Mahmoud and
Abdelgawad, 2015; Mahmoud et al., 2017; Hassan and Al-Hashim,
2020a). Note that other injected fluids e.g., CO2 can also dissolve
the rock body during CO2 geo-sequestration, however, this is
beyond the scope of this review (see above). The subsequent subsections will discuss rock dissolution during different reservoir
treatments including saline water injection and chelating agent
flooding.
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Fig. 11. Rock–brine interaction model for carbonate rock.
Source: modified after Tale et al., 2020 with permission
from Elsevier.

2.4.1. Rock dissolution due to low salinity brine
Injection of low salinity brine into hydrocarbon reservoirs
has been proposed as an effective technique to increase the
oil recovery from carbonate and sandstone reservoirs (Austad,
2013; Treiber and Owens, 1972). Several mechanisms are involved during low salinity waterflooding including rock dissolution, multi-ion exchange (MIE), wettability alteration, electrical
double layer (EDL) expansion, and interfacial tension (IFT) reduction (Al-Shalabi et al., 2015; Hosseini et al., 2015; Mahani
et al., 2015b,a). Rock dissolution due to low salinity brine has
been investigated by a score of studies (Table 2. While wettability alteration due to low salinity brine injection is argued
to be the most effective of all mechanisms, still the injected
brine interacts with the rock surfaces leading to rock dissolution
and ion exchange. More specifically, there is an Yousef interplay
of several mechanisms. For example, in calcite-rich formations,
the calcium ions will be dissolved from the rock surface, and
magnesium ions will replace the dissolved calcium ions (Hiorth
et al., 2010); . Consequently, the rock wettability will be changed
to a less oil-wet state and more oil will be recovered (Mahani
et al., 2015b,a; Strand et al., 2008). Therefore, during low salinity
waterflooding, the composition of injected water is optimized to
maximize the mineral dissolution and ion exchange, however,
without much reduction in the reservoir integrity especially in
carbonate reservoirs (Hiorth et al., 2010; Yousef et al., 2011b,a).
The main reactions occurring on the carbonate rock surface
due to low salinity brine injection are summarized in Fig. 11.
It is evident that the main reactions include the exchange of
monovalent ions such as Na-rich minerals (NaX), as well as the
divalent cations exchange (such as Ca2+ and Mg 2+ ). The multiion exchange is believed to be the main mechanism that controls
the surface wettability and other changes induced in the rock
surface during the low salinity bine injection.
In summary, there is consensus that adjusting seawater salinity can improve the rock–brine interaction and thereby increase
oil recovery. The key mechanisms during low salinity brine injection are wettability alteration, mineral dissolution, and surface charges exchanges (Table 3). However, further investigations
are required to determine the optimum conditions that improve
the fluid–rock interactions, leading to the highest oil recovery
without much change in the reservoir rock system.
Another crucial, though poorly understood, aspect in this context is the presence of anhydrite on rock dissolution e.g., the giant
oil fields in the Middle East (Clerke et al., 2008). The solubility/dissolution of CaSO4 · xH2 O is affected by ionic composition,
salinity, the concentration of Mg2+ , temperature, and pressure
(Carlberg and Matthews, 1973), however, this dissolution is a
function of the number of crystal water molecules (Anhydrite:
x = 0, Hemihydrate: x = 1/2, Gypsum: x = 2) (Zhang et al.,
2007b). Anhydrite dissolution by low salinity brine can provide
additional SO24−− ions to the rock/brine/oil system, thus decreasing the zeta potential and increasing water wetting of the calcite

surface (Austad et al., 2012; Yousef et al., 2012). The presence of
Mg2+ in seawater or modified seawater and temperature strongly
affects the solubility of anhydride (CaSO 4(s) ) due to ion-pair that
is formed between Mg2+ and SO24− and subsequently reduces
the activity of the sulfate ion and enhances the solubility of
CaSO4 (s) (Carlberg and Matthews, 1973; Selem et al., 2021b;
Strand et al., 2006; Tetteh et al., 2020a). Thus, the use of seawater
(which contains Mg2+ ) can greatly reduce the precipitation of
anhydride, hence, in the absence of Mg2+ , CaSO4 precipitates at
low temperatures (Zhang et al., 2007c). Mohammadi et al. (2021)
concluded that the greater the dilution ratio of the injecting fluid,
the higher oil recovery due to rock dissolution. Furthermore, the
solution pH is a key parameter that affects rock dissolution. In
general, reducing the solution pH leads to acidic conditions, and
thereby the likelihood of increased rock dissolution.
2.4.2. Rock dissolution due to chelating agents
Chelating agent solutions have shown efficient performance
for damage removal as well as EOR applications (Hassan et al.,
2020). The most used solutions are ethylenediaminetetraacetic
acid (EDTA), diethylenetriaminepentaacetic acid (DTPA), hydroxylethylethylenediaminetriacetic acid (HEDTA), and glutamic acid
diacetic acid (GLDA) (Frenier et al., 2000; Huang et al., 2003;
Mahmoud et al., 2011). These chemicals sequestrate the metal
ions from the rock surface leading to rock dissolution (Alkhaldi
et al., 2010; Rabie et al., 2011; Yuan and VanBriesen, 2007),
and thereby results to an increase in pore connectivity and total
permeability (Hassan and Al-Hashim, 2020a; Tariq et al., 2021).
Chelating agents are used for acidizing treatment where high rock
dissolution is preferred, hence, concentrated solutions (around
10–20 wt%) are used (Fredd and Fogler, 1999; Mahmoud et al.,
2011). However, for EOR applications, chelating agents are injected at lower concentrations (around 1–7 wt%) to increase
the oil recovery without considerable rock dissolution (Hassan
et al., 2020; Hassan and Al-Hashim, 2020a; Mahmoud et al., 2017,
2011). Also, the pH of chelating agent solution plays a significant
role in controlling the rock dissolution process; the lower the
pH, the higher dissolution. The practical approach is using low or
middle pH solutions (around 4–7 pH) for increasing the oil recovery from carbonate formations (Hassan and Al-Hashim, 2020a,b),
while sandstone reservoirs are flooded with high pH solutions
(around 10–12 pH) (Hassan and Al-Hashim, 2020b; Mahmoud
and Al-Hashim, 2018, 2019).
2.4.3. Techniques to evaluate rock dissolution
Rock dissolution can be evaluated using several techniques
e.g., ion chromatography and inductively coupled plasma (ICP)
analysis. The ions concentration in the injected and produced
fluids during waterflooding can be analyzed, increasing the concentration of any certain ions (such as calcium or iron) will
indicate rock dissolution. On the other hand, a reduction in ions
concentration suggests that the ions are adsorbed on the rock
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Table 3
Summary of observations on rock dissolution due to low salinity brine.
Reference

Brine salinity

Rock type

Experimental techniques
used

Key mechanism(s)

Yousef et al. (2012)

different dilute versions of
seawater with salinity 0.6
to 57.6 kppm

Different carbonate
reservoir samples

Core flooding and field pilot

Wettability alteration is the
main mechanism

Mahani et al. (2015b)

Seawater and diluted
seawater.

Different types of carbonate
reservoir rocks

Zeta-potential and PHREEQC

Mineral dissolution and
multi-ion exchange

Al-Shalabi et al. (2015)

Seawater and diluted
seawater.

Different carbonate rocks

Coreflooding, UTCHEM, and
PHREEQC

Wettability alteration,
Mineral dissolution, and
surface charges exchange

Austad et al. (2015)

NaCl brine

Limestone rocks with
different anhydrite content

Coreflooding and ion
concentration
measurements

Wettability alteration
mechanism, and anhydrite
dissolution

Kazemi Nia Korrani et al. (2015)

Seawater and diluted
seawater.

Different carbonate rocks

PHREEQC and UTCHEM

Surface dissolution and
cation exchange

Farajzadeh et al. (2017)

Brines with different
compositions

Sandstone, calcite, and
dolomite rocks

PHREEQC and ion
composition analysis

Surface dissolution and
cation exchange

Mahani et al. (2018)

Seawater and diluted
seawater

Limestone, chalk, and
dolomite rocks

zeta
potential and PHREEQC

Surface charge exchange

Sharma and Mohanty (2018)

Various brines

Limestone core samples

Coreflooding, UTCHEM, and
PHREEQC

Anhydrite dissolution,
sulfate adsorption, and
surface dolomitization.

surface due to the multi-ion exchange phenomena. Moreover,
the change in the average rock permeability can be used as
an indicator for rock dissolution. Treating reservoir rocks with
fluids can lead to pore space enlargement due to the dissolution
of the rock surface, thereby the average pore throat and rock
permeability will increase (Abbaszadeh et al., 2016; Nasralla et al.,
2018; Tale et al., 2020). Advanced techniques such as nuclear
magnetic resonance (NMR), scanning electron microscope (SEM),
X-ray fluorescence (XRF), and X-ray diffraction (XRD) can be used
to characterize the rock surface and help in investigating rock
dissolution (Abbasi and Khamehchi, 2021; Nasralla et al., 2018).
Importantly, severe rock dissolution can lead to pore plugging
due to the solid precipitation inside the pore spaces, this can be
avoided by keeping the rock dissolution within the acceptable
limits. Furthermore, pH measurements can be used to assess rock
dissolution; mineral dissolution can lead to an increase in the pH
of the produced effluent by around 10%–30% depending on the
degree of rock dissolution (Abbaszadeh et al., 2016; Mohammadi
et al., 2021).
Overall, different levels of rock dissolution can be induced
during the water or chemical injection treatments. Rock dissolution can improve the flow conditions by altering the surface
wettability to less oil-wet state. The main parameters that control
the dissolution process are fluid type, rock mineralogy, solution
pH, chemical concentration, and injected volume. These parameters should be properly designed to achieve the targets (damage
removal or high oil recovery), however, without much reduction
in the reservoir integrity. Severe rock dissolution can result in
permeability impairment due to solid precipitation. Numerical
modeling and laboratory measurements can be used to select the
optimum ranges for treatment variables (concentration, duration,
volume, and chemical type).

2.5.1. Clay swelling
Clay swelling can be induced during the water injection leading to a reduction in the pore space, and hence permeability
impairment. The main mechanism for clay swelling is the hydration phenomena that lead to expanding the clay layers (Fink
and Thomas, 1964; Foster et al., 1954; Karpiński et al., 2015;
Li et al., 2019; Norrish, 1954; Zhang and Low, 1989; Emiel and
Smit, 2002). Two regimes are involved in the swelling mechanism
which are osmotic and crystalline swelling. Osmotic swelling can
occur in several types of clay minerals due to the presence of
exchangeable cations in the interlayer region. If the concentration
of cations in the surrounding water is lower than that of the
interlayer, water molecules can be drawn into the interlayer to
restore cation equilibrium (Denis et al., 1991; Posner and Quirk,
1964). However, crystalline swelling can occur in all types of clay
minerals, through the stepwise formation of inter-layer or mixtures of inter-layer hydrates (Mooney et al., 2002). Several layers
of water molecules may line up to form a quasi-crystalline structure between unit layers which results in an increased interlayer
spacing (Anderson et al., 2010); Hensen* & Smit, 2002; (Suquet
et al., 1975). Overall, osmotic swelling can result in significantly
larger volume increase compared to crystalline swelling. Typically
interlayer spacings of N20 to 130 Åand N9 to 20 Åare recorded
in the osmotic and crystalline swelling, respectively (Anderson
et al., 2010; Boek et al., 2002); Hensen* & Smit, 2002; (Karaborni
et al., 1996). Also, potassium-based salts are used to prevent
the swelling of clay minerals, potassium ions form crystalline
hydrates in aqueous suspension to prevent the clay swelling
(Boek et al., 2002; Liu and Lu, 2006; Zhang et al., 2007b).
2.5.2. Fines migration
The common factors that influence fines migration process are
carrier fluid properties, reservoir type, and operation parameters
(Miri et al., 2021). Fluid properties such as salinity, pH, and
composition significantly impact fines migration process (Awan
et al., 2022). Usually, increasing the brine salinity can reduce
fines migration, by reducing the repulsive forces between the
grains and fine particles (Haftani et al., 2019; Yu et al., 2019).
Operation parameters such as temperature or pressure can affect
the fines migration process. In general, high formation temperature can lead to more fines migration due to the detachment
mechanism; weakening the bonding forces between the grains
and clay minerals.

2.5. Clay swelling and fines migration
Reservoir rocks consist of numerous minerals e.g., sandstone
is rich in quartz and also contains clays (illite, kaolinite, chlorite,
and smectite) while carbonates are rich in calcite, dolomite, and
may also contain clay (Muecke, 1979). These minerals interact
with the injected fluids (e.g., brine etc.) leading to alteration
of the reservoir properties at various levels. The alteration of
reservoir properties includes rock dissolution, clay swelling, and
fines migration.
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2.6. Wetting and IFT characteristics

Several techniques can be used to evaluate the fines migration
including, permeability measurements, ICP analysis, and pore
surface characterization (Civan, 2015). Fines migration commonly
leads to reduced rock permeability by plugging the pore throat.
Also, it results in increasing the concentration of clay ions in the
produced effluent, hence analyzing the injected and produced
effluent can indicate the severity of fines migration. Moreover,
considerable changes would be induced in the pore surface characteristics due to the fines migration. Therefore, characterization
techniques such as SEM and XRD can help in investigating fines
migration (Miri et al., 2021).
Fines migration and clay swelling are induced mainly due to
the disturbance that occurred in the reservoir system by fluid injections during different reservoir treatments. Injection of water
into the reservoir can lead to fines migrations with various levels
of severity, depending on the water composition, pH, injected
volume, and reservoir type (Al-Sarihi et al., 2019; Chequer et al.,
2021; Song and Kovscek, 2016; Tang and Morrow, 1999). While
fines migration can lead to several types of formation damages,
it is also reported to be one of the main factors for achieving
higher oil recovery (Katende and Sagala, 2019). Fines migration can change the rock surface properties such as wettability,
thereby creating favorable flow conditions, and more oil can be
produced. Tang and Morrow (1999) concluded that the presence
of potentially mobile fines (such as kaolinite) plays a key role in
increasing the oil recovery by altering the rock wettability and
reducing the water permeability during low salinity brine injection. Contradictory results were reported by several researchers;
no fines migration was induced during numerous low salinity
experiments with additional oil recovery (Berg et al., 2010; Lager
et al., 2008; Zhang et al., 2007a). The ICP analysis of the produced
effluent from waterflooding experiments showed no change in
the clay content, indicating that no clay migration was induced
(Berg et al., 2010; Cissokho et al., 2010; Zhang et al., 2007c).
Another factor that affects clay migration is the solution pH,
the desorption of organic material from the surface of clays
by a local increase in pH at the clay–water interface plays an
important role in the low-salinity-enhanced oil recovery process
(Austad et al., 2010). During water injection, three factors are
controlling the oil recovery mechanism which are polar components, clay percentage, and concentration of active ions in the
injected water. Changing the water composition or the active ions
concentration can lead to a change in the solution pH (Austad
et al., 2010). Increasing the water pH usually leads to more rock
dissolution and then severe fines migration would be expected
(Civan, 2015). Overall, fines retention, mobilization, and production would increase or decrease the rock permeability with time
(Civan, 2015; Markestad et al., 1996). The pH of the injected fluids
should be properly selected to improve the oil recovery, however,
without inducing severe fines migrations.
Furthermore, Wang et al. (2021a) reported that increasing
the temperature can enhance the reaction between the injected
brine and rock minerals, leading to reducing the clay damage
(such as clay migration). Consequently, a lower reduction in rock
permeability was observed at high temperatures. This conclusion
would suggest that heating the seawater before injecting it into
the reservoir would improve its performance and lead to minimum clay damage. Zhang et al. (2020a) studied the impact of
sandstones wettability conditions on fines migration during CO2 brine injection into the aquifer. They concluded that the strong
water-wet minerals (such as quartz and chlorite) will have less
possibility to migrate during brine injection because high detachment force will be required. However, fines migration would be
higher for minerals of a larger surface area (such as microcline
and muscovite), which will require lower detachment force.

2.6.1. Wettability alteration due to surfactant flooding
There is a consensus that wettability alteration and interfacial tension (IFT) reduction are the mechanisms for oil recovery
improvement due to surfactant flooding (Yang et al., 2021). In
a water-wet rock, the residual oil is trapped due to capillary
forces (Lu and Pope, 2017). Thus, a reduction in IFT following
surfactant injection mobilizes the trapped oil and improves oil
recovery. The influence of surfactant on wettability alteration is
rather more complex where a surfactant arguably turns the rock
more water-wet and thus increases the spontaneous imbibition
of water. Another pertinent question is how a particular type
of surfactant alters the wettability of the rock in question and
what are the optimal concentration of surfactant for wettability
alteration.
The influence of different types and concentration of surfactant on both carbonate and sandstone rocks is broadly investigated (Fig. 12). Generally, an increase in concentration of anionic
surfactant leads to a decrease in contact angle. Hajibagheri et al.
(2017) observed a decrease in contact angle on a carbonate rock
from 90◦ to 70◦ for an increase in anionic SDBS surfactant concentration from 0 to 0.1 wt%. An increase in surfactant concentrations
leads to a reduction in oil wettability until the critical micelle concentration (CMC) of surfactant is reached where further increase
in concentration will yield insignificant change in wettability
(Souayeh et al., 2021). While an increase in surfactant concentration generally provides a more desirable reduction in contact
angle, in a field-scale scenario the adsorption and amount of
surfactant required may be limited by the cost and surfactant
losses in the reservoir. Furthermore, the trend of declining contact
angle with increasing surfactant concentration is mostly consistent among several studies, however, the final contact angle
values are reported to be different in different studies (Fig. 12).
This is attributable to the mineralogy of rock samples, operating
pressure and temperature conditions and brine salinity used.
Moreover, surface roughness of the rock surfaces can also cause
a discrepancy in contact angle results.
Furthermore, cationic surfactants tend to demonstrate greater
wettability reduction on carbonate than anionic surfactant as
depicted by recent studies (Dehaghani et al., 2020; Kumar et al.,
2016). To gain an understanding of the influence of surfactant
type and concentration on wettability alteration of carbonate
rocks (or its proxy calcite mineral), a summary of recent observations is presented (Table 4). Different types of cationic surfactants
depict different CMC concentration e.g., the CMC of CTAB and
TBAB was lower than that of the BTAB and DTAB potentially
due to larger carbon number (Kumar et al., 2016), while the
overall lowest contact angle was achieved by DTAB followed
by CTAB (Kumar et al., 2016). For instance, CTAB at a concentration of 0.036% yields a contact angle of 47◦ while DTAB at
a concentration of 0.4% provides a contact angle of 27◦ . Recent studies and trends suggests that cationic surfactants adhere
better on carbonate surfaces when compared to anionic surfactants due to the surfactant vertical orientation being more stable
(Kumar and Mandal, 2019). Moreover, electrostatic interactions
and Van der Waal forces are vital in understanding the adsorption and wettability modifications of surfactants with respects to
concentration.
The nonionic surfactants alter the carbonate wettability because the positively charged calcite minerals are expected to
polarize the nonionic surfactants during surface adsorption on
carbonates. Similar to polar surfactants behavior, nonionic surfactants tend to decrease contact angle more with increasing
surfactant concentration (Eslahati et al., 2020; Haghighi et al.,
2020; Moradi et al., 2019). Nonionic surfactants adhere to rock
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Fig. 12. Data for the influence of different types and concentration of surfactant on the contact angle of both carbonate and sandstone rocks.

surfaces differently compared to polar surfactants due to the
presences of polarization forces instead of electrostatic forces,
whereas electrostatic forces are generally greater than polarization forces. These observations are consistent with molecular
dynamic (MD) simulation predictions (Bai et al., 2021).

— thereby shifting the wettability toward more water-wet (Liu
and Wang, 2020). While these interactions at the EDL can be
determined through zeta potential measurements, the precise
quantification of zeta potential of intact reservoir core samples
is still a challenge. Furthermore, in terms of multicomponent ion
exchange, the high valance ions which act as a bridge between
rock and oil, a reduction in their concentration (during LSW)
leads to a wettability shift toward water-wet since the bridge gets
broken (Liu and Wang, 2020), a summary of recent observations
on wettability alteration due to low salinity water flooding is
presented (Table 5). Thus, it is clear that wettability alteration is
a key mechanism during LSW, however, the understanding of the
interplay of various mechanisms causing this wettability shift and
the experimental characterization of this effect is still an active
area of investigation. Furthermore, there is often a disagreement
among laboratory-scale observations and reservoir-scale numerical modeling — thus a multiscale experimental approach to
characterize wettability may be required.

2.6.2. Wettability alteration due to low salinity waterflooding
It is widely agreed that wettability alteration is one of the
dominant mechanisms that leads to enhanced oil recovery due
to low salinity waterflooding (LSW) (Alotaibi et al., 2011; Kafili
and Rao, 2015). While it is generally believed that wettability
alteration toward water-wet results in improved oil recovery
(due to associated greater water imbibition and oil removal), still
a few investigations reported weakly water-wet or mixed-wet
as optimal wettability for EOR due to LSW (Ding and Rahman,
2017; Liu and Wang, 2020). Mechanistically, wetting behavior
of a rock/oil/brine system is governed by interplay of the interfacial interactions among the thin water film at the rock and
oil interface. These interactions and thus the wettability alteration due to LSW are influenced by: (a) electric double layer
(EDL) expansion, (b) multicomponent ion exchange, (c) change
of interfacial tension, (d) pH change, (e) fines migration, (f) mineral dissolution, and (g) micro dispersion formation (Emadi and
Sohrabi, 2013; Liu and Wang, 2020; Mahani et al., 2017; Morrow
et al., 2011; Rezaeidoust et al., 2009; Sadeqi-Moqadam et al.,
2016). Specifically, during LSW, the EDL expands due to low
ionic concentration leading to an increase in repulsive forces

3. Fluid–rock interactions quantification methods and equipment
Fluid–rock interactions (discussed above) can occur at multiple scales ranging from nanoscale to core-scale. This section
will describe the equipment, measurement methods and principles for examining fluid–rock interactions. Furthermore, a set of
selected studies which applied several experimental techniques
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Table 4
Experimental studies of contact angle measurements on carbonate rocks using various surfactants.
Reference

Rock/
mineral

Souayeh
et al. (2021)

Pure Calcite

Hajibagheri
et al. (2017)

Surfactant
group

Surfactant type

Concentration,
%

Pressure,
MPa

Temperature,
◦
K

Salinity, %

Salt

Initial
wetting
state

Alkyl ether
carboxylate (AEC)
&
internal olefin
sulfonate (IOS)

0.3

0.1

298

0.2

Low saline
water

Oil-wet

Carbonate
rock

SDBS

0.02–0.1

0.1

298

20.21

Formation
brine

Oil-wet to
water-wet

Olayiwola
and Dejam
(2021)

Indiana
limestone

SDS

0.1

20.68

343

10

Synthetic
brine
NaCl/CaCl2

Strongly
Oil-wet

Kumar et al.
(2016)

Carbonate

BTAB
DTAB
TBAB
CTAB

2.7617
0.4317
0.029
0.0364

0.1

300

0–8

NaCl

Water to
weakly
water-wet

Kumar et al.
(2016)

Pure calcite

DTAB

0.5

0.1

298

1.33–5.64

Dilute brine

Oil-wet

Dehaghani
et al. (2020)

Carbonate

CTAB

0.0082–
0.0656

0.1

353

0.24–0.96

Hajibagheri
et al. (2017)

Carbonate

C12TAB

0.02–0.1

0.1

298

20.21

Formation
water

Oil to
water-wet

Haghighi
et al. (2020)

Asmari
Carbonate

dodecanoylglucosamine

0.02–0.8

0.1

298

10

NaCl

Oil-wet

Das et al.
(2020)

Pure calcite

SAE-15 (secondary
alcohol ethoxylate)

0.4

0.1

323

12.2

12% NaCl
0.2% CaCl2

Strongly
Oil-wet

Souayeh
et al. (2018)

Iceland Spar

polyethoxylated
H27C13(OCH2CH2)20OH
(C13EO20)

0.3

0.1

298

0.2–10.97

Synthetic
brine

Oil to
weakly
oil-wet

Qin et al.
(2019)

Limestone
Edwards

Biosoft N25-9 (N)
triton X-100
(Triton)
n-dodecyl
β -D-maltoside (M)
tergitol TMN-6
(Tergitol)
Tergitol + M
Tergitol + N

0.33

0.1

298

11.1

CaCl2

Oil-wet

Anionic

Cationic

Nonionic

Weakly
Water-wet

Table 5
Experimental studies of wettability alteration due to low salinity water flooding.
Reference

Rock/ Mineral

Method of
investigation

Salinity, %

Pressure,
MPa

Temperature,
◦
K

Low salinity
Fluid

Initial contact
angle

Final contact
angle

Kafili and Rao
(2015)

Dolomite rock

Contact angle

0.02

4.8

301 & 393

Dilute brine

158◦

113◦

Mahani et al.
(2015b)

Limestone a
& Dolomite

Contact angle &
zeta potential

0.4

0.1

298

Dilute brine

162◦

121◦

Mahani et al.
(2015a)

Sandstone

Contact angle

0.06–0.25

0.1

298

Dilute brine

150◦

90◦

Sadatshojaei
et al. (2019)

Carbonate

Contact angle

0.01

298 & 368

Dilute sea
water

115◦

60◦

Khishvand
et al. (2017)

Sandstone

Contact angle

0.2

5.59

353

Dilute brine

115◦

89◦

Safari et al.
(2020)

Shaly
sandstone

Contact angle &
IFT

0.2

0.1

293

Dilute brine

92◦

73◦

Chandrasekhar
and Mohanty
(2013)

Limestone

Contact angle

0.02

4.8

393

Synthetic brine
NaCl, MgCl2 ,
CaCl2 , and
Na2 SO4

115◦

70◦

Rashid et al.
(2015)

Carbonate

Contact angle

0.01–0.05

0.1

348

Synthetic brine
(NaCl, MgCl2 ,
CaCl2 and
Na2 SO4 )

165◦

19◦

Saikia et al.
(2018)

Dolomite rock
& calcite
mineral

Contact angle &
zeta potential

0.09

4.8

301

Synthetic brine

140◦

45◦

6376

A. Isah, M. Arif, A. Hassan et al.

Energy Reports 8 (2022) 6355–6395

3.2. Contact angle and IFT

will be discussed including the advantages and disadvantages of
different techniques.

Wettability refers to the tendency of a solid to be wet by
a particular fluid in the presence of another fluid. A range of
experimental techniques are available for characterizing the wetting behavior of a given rock/fluids system. In this context, the
Wilhelmy balance, capillary rise contact angle and spontaneous
imbibition methods are the classical methods for wettability measurements (Washburn, 1921) while Amott, Amott-Harvey index,
and USBM (U.S. Bureau of Mines) require forced imbibition tests
via core flooding setup to quantify wettability (Anderson, 1986).
Furthermore, the relative permeability and capillary pressure
curves provide an indirect (qualitative) assessment of wetting
behavior.
Specifically, the contact angle method is a direct method for
quantifying wettability, and it allows a sensitivity analysis of the
influence of pressure, temperature, and salinity (Arif et al., 2019;
Iglauer, 2017). Measuring the contact angle at the rock/oil/brine
interface can effectively indicate the wettability condition. In
general, the contact angle < 90◦ indicates water-wet condition,
while oil-wet status is indicated by a contact angle > 90◦ . The
higher the contact angle (through the denser phase), the higher
the oil wetness. Three common configurations of contact angle
measurements are: a) sessile drop method, b) captive bubble
method, and c) tilted plate method (Al-Yaseri et al., 2016; Lander
et al., 2002). The tilted plate method allows a simultaneous measurement of advancing and receding contact angles at the leading
and trailing edges of brine (or water) droplets in the presence of
crude oil or CO2 (Broseta et al., 2012). Note that the advancing
angle mimics the displacement during imbibition mechanism
while the receding contact angle is pertinent to drainage behavior
(Broseta et al., 2012).
During contact angle measurements, the lighter phase (CO2 ,
crude oil, decane) is injected into the pressure cell at a predetermined pressure and a fixed cell temperature. This is followed by
brine (or water) injection at a low flow rate (typically ∼4 µl/min)
to allow creation of a droplet which is eventually dispensed onto
the rock surface (Arif et al., 2019). Finally, the contact angle is
measured at the three-phase contact line (TPCL). Note that, in
a captive bubble method, the cell configuration is reversed, and
the denser phase (brine) is injected first followed by a bubble
of lighter phase (Arif et al., 2019). For a detailed illustration of
contact angle methods, the reader is referred to a recent review
(Arif et al., 2019). Furthermore, such an arrangement also allows
for the measurement of IFT of fluid/fluid system while the droplet
is hanging at the edge of the needle (Arif et al., 2017).
Contact angle method is arguably more suitable when pure
fluids and clean minerals with smooth surfaces are used (Arif
et al., 2019; Shojai et al., 2014). The RMS (route mean square)
surface roughness of a given sample can have a notable impact
on contact angle where an increase in roughness of a hydrophilic
sample tends to decrease the contact angle while increasing
roughness of hydrophobic surfaces leads to an increase in contact
angle (Al-Yaseri et al., 2016; Arif et al., 2020). On the porous
surfaces, contact angles are influenced by the organic polish on
the rock surface (Shojai et al., 2014) — which leads to an apparent
contact angle. Recent advancements can now allow contact angle
measurements from the 3D in-situ micro-CT imaging (Alhammadi
et al., 2017) as well as FE-SEM (Field emission scanning electron
microscopy) (Deglint et al., 2017) or cryo-BIB-SEM (Broad ion
beam scanning electron microscopy) imaging (Schmatz et al.,
2015).

3.1. Core-flooding (tracers, pressure drop, permeability)
Core flood experiment is conducted for a realistic representation of fluid–rock interaction in porous media. The technique
is typically performed on a cylindrical rock plug obtained during coring or from consolidated outcrops or a quarried rock.
The usual core flooding procedure is to inject the EOR fluid
(i.e. displacing fluid such as surfactant, polymer, smartwater, etc.)
at a required and known flowrate into the brine/oil-saturated
(displaced fluid) core. Core flooding experiments can thus be
conducted/ interpreted in three ways as described below:
3.1.1. Pressure profile during core flooding
Fluid–rock interaction can be quantified based on the pressure
profile during core flooding. An increase in pressure drop across
the core can suggest pore plugging by precipitation while a decrease in pressure drop signifies an increase in flow path which
may be due to rock minerals dissolution. These can as well be
quantified through changes in permeability (Mishra et al., 2014)
a high and low pressure drops imply reduction and increase in
permeability respectively. This allows for additional evaluation
of whether the measured species (surfactant/polymer or ions)
loss; was adsorption or a combination of adsorption and precipitation (Mannhardt et al., 1994). Core flooding technique can be
used to evaluate fluid–rock interaction using actual reservoir rock
and fluid, as well as under reservoir conditions of pressure and
temperature for conventional rocks.
3.1.2. Effluent analysis
The effluent is collected, and the corresponding concentrations
of individual components can then be determined using various
methods such as titration (Gogoi, 2011; Wang et al., 2015), chromatography (Austad et al., 2015; Sharma and Mohanty, 2018),
ultra-violet (UV) spectrophotometry (Curbelo et al., 2007; Ferreira
and Moreno, 2020; Kakati et al., 2020; Lv et al., 2011; Saxena
et al., 2019), total organic carbon (TOC) content measurement
(Alhassawi and Romero-Zerón, 2015; Lv et al., 2011; Zhang and
Seright, 2015), and total nitrogen (TN) content analysis (Han et al.,
2014; Rodriguez et al., 2014). The concentrations of the components are then compared with the injected values to determine
adsorption/precipitation (decrease in concentration), dissolution
(increase in the concentration of the dissolved mineral species in
the effluent), or migrated fines.
3.1.3. Tracer measurements
Another way to quantify retention using core flooding is to
employ a non-reactive tracer (or non-adsorbing, in case of adsorption measurement) which can be injected with the test solution (for example surfactant or polymer) to serve as a check on
the material balance (e.g., (Amirmoshiri et al., 2020; Dang et al.,
2014; Ghosh and Mohanty, 2019; Romero-Flores et al., 2018)).
The relative positions of the tracer and the test solution profiles
give a direct visual indication of adsorption. A shift of the surfactant/polymer concentration profile to the right with respect to the
tracer profile, indicates adsorption. While if the tracer and surfactant/polymer concentration curves (or normalized concentration
curves) vs. pore volume (PV) injected (throughput) coincides,
it indicates that there is insignificant adsorption (Dang et al.,
2014; Mannhardt et al., 1994). The area between the effluent
curves for the two components (tracer) and (adsorbate) is directly
proportional to the affinity of component, and can be calculated
using the trapezoidal method (Strand et al., 2006).

3.3. SEM/Thin section/FE-SEM
Scanning Electron Microscopy (SEM) is an imaging technique
that creates images of a sample through beam rastering or
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Fig. 13. Determination of the change in surface morphology (size and shape) of rock due to surfactants adsorption using SEM; (a) Clean sandstone surface; (b) aged
sandstone surface in crude oil; (c) aged sandstone surface treated with TX-100; (d) aged sandstone surface treated with CTAB.
Source: adapted from Hou et al., 2018 with permission from Elsevier.

change in surface morphology (size and shape) of rocks due to
surfactants adsorption (Fig. 13).
Moreover, SEM imaging is also applied in the study of adsorption of polymers (polyacrylamide and polymers containing
silica and clay nanoparticles) onto solid surfaces of carbonate and
sandstone, it is applied to investigate rock dissolution. Cheraghian
et al. (2014) and Kakati et al. (2020) investigated polymer–rock
interactions by examining the surface morphology of the rock
after exposure. Prakash et al. (2019) used FE-SEM to evaluate the
alteration in mineral phases as a consequence of fluid–rock (CO2 rich brine–shale) interaction during CO2 -EOR and CO2 storage
in unconventional reservoirs. Real-time pore-scale imaging of the
interactions between reservoir fluids, injected fluids, rock grains,
and other rock minerals (clays) particles is needed to develop a
fundamental understanding of the mechanisms that govern the
recovery efficiency of hydrocarbons reservoirs (Song and Kovscek,
2015). Recently, a real-time FE-SEM imaging of fluids on rock
surfaces to enabled quantification of sessile and dynamic microdroplet contact angles and droplet dimensions was presented by
(Deglint et al., 2017) (see Fig. 14). However, real-time whole-core
scans can take long time (up to 40 min), making these imaging
techniques opaque to the dynamics of microscale rock minerals
(for instance, clay) detachment studies in the time frame that
is required (Song and Kovscek, 2015). FIB-SEM allows for high
3D spatial resolution; however, the nanometric scale FIB-SEM
is destructive and small sample size is typically used (only a
few millimeters in diameter). Thus, large area 2D maps maybe

scanning. It uses a focused beam of electrons to generate a visualization of sample surface topographic details. As the electron
beam is accelerated on the sample surface, electrons interact with
the sample, and as a result, secondary, back-scattered electrons
as well as X-rays are emitted. The X-rays and electrons emitted
are then captured by detectors and analyzed to obtain information about surface topography, sample density, or chemical
composition. The other modified versions of SEM are Field Emission Scanning Electron (FE-SEM) and Focused-Ion-Beam Scanning
Electron Microscopy FIB-SEM. It is evident from the literature
that, these imaging techniques are crucial for understanding
fluid–rock interaction in various contexts (Song and Kovscek,
2015; Long et al., 2013). Thin section images can be used to create
two-dimensional microfluidic devices (micromodels) with pore
scale geometry that is identical to real rocks to allow for the
direct visualization of flow behavior through a porous medium
(e.g., Buchgraber et al., 2012; Song and Kovscek, 2015). Recent advances in imaging technologies for characterization of
fluid–rock interaction such as FIB-SEM can reveal nanometric
pore structure (Curtis et al., 2012; Long et al., 2013). 2D-SEM
and 3D FIB-SEM imaging are employed to characterize nano-to
micro-scale pore structure and connectivity before and after fluid
exposure, SEM is also used to assess the fluid distribution and
micro-wettability (Clarkson et al., 2016). In addition, SEM imaging
allows the visualization of variation in pore surface structure and
pore morphology (Arif et al., 2020). Alhassawi and Romero-Zerón
(2015) and Hou et al. (2018) performed SEM to determine the
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Fig. 14. Determination of contact angle and dimensions of droplet on dolomite sample using SEM; (a) droplet on dolomite; (b) zoom-in of the dolomite surface to
estimate left and right contact angles, and droplet dimensions; the right and left contact angles are 69◦ and 69◦ , respectively, while the droplet height and width
are 17.1 µm and 48.4 µm, respectively.
Source: adapted from Deglint et al., 2017 with permission from Springer.

needed using an SEM for in-depth visualization of heterogeneities
(Clarkson et al., 2016).

2019). Advanced visualization (imaging) techniques such as X-ray
computed tomography (X-ray CT) (Vega et al., 2014) and micro
X-ray computed tomography (micro X-ray CT) (Nguyen et al.,
2013) are able to obtain pore-scale visualization either ex-situ
or in-situ . Micro-computed tomography (micro-CT) can be used
for analyzing the spatial distribution and textural alteration of
constituents of tight rocks after reaction. Micro-CT imaging, can
as well, be carried out before and after fluid–rock interaction
to identification dissolution and precipitation in the fluid–rock
system and spatial distribution of different minerals in the altered regions based on microstructure changes after exposure.
Micro-CT is also employed in pore network modeling to develop
an understanding of petrophysical transport behavior in heterogeneous rocks (Bauer et al., 2012; Bultreys et al., 2015, 2016;
Peng et al., 2014; Sun et al., 2021) and to assess pore geometry
on electrical behavior of rock during fluid interaction (Youssef
et al., 2008). In order to establish a comprehensive understanding
of CO2 –fluid–rock interaction, Prakash et al. (2019) studied the
microstructural evolution and chemo-mechanical interaction of
shales with CO2 -rich brine using micro-CT. Microstructural evolution such as rock dissolution and precipitation can be observed
using CT imaging via porosity change (dissolution implies an
increase in porosity while a decrease in porosity of the rock after
exposure to reactive fluid, (CO2 -rich brine) corresponds to precipitation and consequent pore blockage). Another advantage of CT
imaging technique is the ability to perform in-situ quantification
of fluid–rock interaction (Brattekås and Fernø, 2016).
Meanwhile, the X-ray attenuation coefficient of quartz and
calcite is similar which makes it difficult to identify the phases
(Arif et al., 2021), consequently phase contrast techniques are
applied (Arif et al., 2021) to precisely resolve the minerals. Also,
since shales and tight rocks have the majority of their pores at
nanometer scale and the dimension of a voxel of the scans is
typically around 5 µm, not all pores’ sizes can be captured in
micro-CT images. Hence, it may leave some non-identified pores
(Prakash et al., 2019). While CT-scan imaging has the advantage of capturing micron- and large-scale pores for conventional
formations, it failed to resolve the required pores and pore connectivity necessary for the extraction of a pore network from
shales and other tight rocks with sub-micron scale pore structure.
Another disadvantage of this technique is the difficulty in upscaling the result to core-scale to estimate flow characteristics
(e.g., permeability) (Clarkson et al., 2016).

3.4. Nuclear Magnetic Resonance (NMR)
There are two types of NMR relaxation times: the longitudinal
or spin–lattice relaxation time (T1 ) and the transverse or spin–
spin relaxation time (T2 ). Transverse relaxation T2 occurs in the
xy-plane, whereas the T1 refers to the decay time of magnetization in the z direction. The transverse relaxation time (T2 ) and the
longitudinal relaxation time (T1 ) usually in milliseconds (ms), are
both caused by the magnetic interactions between the hydrogen
protons. Both the T1 and T2 relaxation times are a function of fluid
type and its interaction with the pore structure of the porous
media. It is one of the most effective techniques of characterization of rocks, NMR imaging and quantification can be used to
evaluate the pore connectivity (Fleury et al., 2007; Isah et al.,
2021a; Hosseini et al., 2021), wettability alteration (Al-Mahrooqi
et al., 2003; Totland et al., 2011; Zhang et al., 2000) where
water-wet rocks were found to have lower relaxation times than
oil-wet sandstones, because water interacts more strongly with
pore walls, such stronger interactions increase surface relaxation
and shorten relaxation time (Abbasi et al., 2021a,b). The NMR
T2 relaxation time is faster to acquire than the T1 relaxation, this
account for the more frequent use of T2 relaxation measurements
over the T1 , and usually gives similar results (Al-Mahrooqi et al.,
2006; Ausbrooks et al., 1999; Elsayed et al., 2022). Fig. 15 shows
the quantification of surfactant adsorption using NMR relaxation
times (Totland et al., 2011). Compared to other imaging techniques, NMR measures fluid, not the rock matrix. The relaxation
time is proportional to the pore size, that is, small pores have
smaller values of T2 , and large pores have large T2 values. It can
also be used to obtain pore structure at all length scale with
high precision. Meanwhile, NMR measurement is sensitive to
environmental conditions (temperature and pressure), it cannot
distinguish microfractures from pores (Tang et al., 2021), additionally, differentiating between the pore throats and micropores
using NMR is a challenge.
3.5. Computed Tomography (CT)
Conventional core experiments failed to capture the pore-scale
events that dictate fluid–rock interaction effect (Prakash et al.,
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Fig. 15. Determination of surfactant adsorption using NMR relaxation times.
Source: reproduced with permission from (redrawn after Totland et al. (2011)
with permission from Elsevier).

3.6. Atomic Force Microscopy (AFM)

visualization of polymer retention at various salinities and different wetting states. The silicon wafer of porosity and permeability
of 42% and 1205 md respectively, was bonded to a glass cover
plate to allow for fluid visualization using a microscope and camera. The authors were able to observe polymer retention; higher
salinity and oil wet micromodels give higher polymer retention.
Emadi and Sohrabi (2013) investigated wettability alteration and
oil recovery mechanism during low salinity water injection using micromodel (visualization) test. According to the authors,
swelling of high salinity connate water droplets and depletion of
oil/water interface and consequent wetting alteration resulted in
increased oil recovery. Visualization tests using micromodels can
provide direct and real-time evidence and analysis of fluid–rock
interaction during low salinity water flooding under different
scenarios (Emadi and Sohrabi, 2013; Song and Kovscek, 2015).
Several examples of the use of the micromodels to evaluate and
quantify fluid–rock interactions, and to verify existing theories
and mechanisms were presented in the literature (Al-Sharji et al.,
1999; Bondino et al., 2013; Das et al., 2021; Jin et al., 2017; Larsen
et al., 2007; Mejia et al., 2020; Sohrabi et al., 2000).
Although analysis and results obtained from visualization tests
can be used to verify the accuracy of predictions made by network simulators see Jia et al., 1999; Van Dijke et al., 2002 and
provides visual confirmation of conjectures from other methods,
the results from micromodels cannot be directly applied to real
reservoirs (Sohrabi et al., 2004). This is because, they cannot represent the actual mineralogical heterogeneities of real reservoirs.
In some reported instances of micromodel flow visualizations,
higher oil recoveries were observed from oil wet surfaces compared to water wet (e.g., Sohrabi et al., 2004), this is not a
usual situation in actual reservoirs. Moreover, micromodels have
pressure and temperature limitation, some have fixed wetting
properties, fractal pattern micromodels have minimum allowable
porosity (Karadimitriou and Hassanizadeh, 2012), that is, they
cannot be used below a certain porosity value.

Atomic force microscopy (AFM) is a high-resolution microscopic technique invented in 1986 by Benning (Binnig et al.,
1986). Geomaterials, among others, can be imaged at nanoscale
using AFM. While SEM typically requires vacuum in the sample
chamber, AFM can still work in liquid or air environments. The
typical imaging scale of AFM varies from 0.1 nm to 0.01 nm
— thereby resolving the atomic scale features (Wang et al.,
2021b). Some of the key applications of AFM in fluid–rock interactions, include but not limited to, measurement of surface
roughness, pore structure, crystalline structure which collectively
are known as surface topography. Furthermore, AFM can also
measure rock mechanical properties such as elastic modulus and
adhesion forces. It can also be employed to determine the change
in wettability of rock surfaces (Fig. 16).
3.7. Micromodels
A micromodel is a two-dimensional pore system that simplifies and imitates the pore structure of real porous media. It is
an artificial representation of a porous medium using transparent material such as glass, polydimethylsiloxane (PDMS), polymethymethacrylate (PMMA), quartz, and silicon (Karadimitriou
and Hassanizadeh, 2012). It usually consists of 2D pore structure etched onto surface of the glass plate in glass cover, the
containing glass walls allows fluid flow and interaction to be visualized as they propagate through the pores (Emadi and Sohrabi,
2013; Keller et al., 1997; Yun and Kovscek, 2015). The use of
micromodels to study the behavior of fluids in microstructures
have been around since the early 1950s, they are classified based
on their topology and geometry into perfectly regular patterns
(Corapcioglu et al., 1997; Zhao et al., 2016), partially regular patterns (Sbragaglia et al., 2007), fractal patterns (Cheng et al., 2004),
and irregular patterns micromodels (Sandnes et al., 2007). Yun
and Kovscek (2015) used an etched silicon wafer micromodel for
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Fig. 16. Determination of wettability alteration of an oil-wet sandstone surface by AFM; (a) clean sandstone surface;(b) aged sandstone surface (oil-wet); (c) aged
sandstone surface treated with TX-100; (d) aged sandstone surface treated with TX-100.
Source: adapted from Hou et al., 2018 with permission from Elsevier.

a given fluid–rock system, the reservoir fluid (oil and gas if
present) and the rock matrix are not conductive and act as electric
insulators in the system, only water serves as a medium for
electric transfer. This may lead to erroneous results especially in
low resistivity reservoirs which is attributed to the presence of
substantial amount of electric conductive minerals such as pyrite
or magnetite (Ben Clennell et al., 2010; Clavier et al., 1976; Shi
et al., 2021), or conductive clay minerals and micropores.

3.8. Electrical resistivity
Electrical properties of rock are generally affected by fluid type
and saturation, fluid composition, pore geometry, and wettability
(see Abbasi et al., 2021b). Accurate determination of these properties is of paramount importance for determining hydrocarbon
reserves in the early life of a reservoir and the residual oil after
EOR. Ohm’s law as a basic principle for electrical resistivity measurement is employed to determine the electrical properties of
the porous media, and it is given as;

σ =

I

3.9. Capillary pressure measurements
Capillary pressure measurements provide the wetting phase
saturation (Sw) as a function of the difference between the nonwetting and wetting phase pressure. It is the fundamental measure of two-phase fluid–rock interaction, it measures the interaction between the pore fluids and the rock pore surface. Capillary
pressure measurement can be used to derive many other significant quantities: wettability, pore-size distribution, and pore
connectivity, irreducible water, and residual oil saturations. Understanding capillary pressure is essential since it controls fluid
distribution and configurations at the pore-scale, this is necessary
to quantify hydrocarbon reservoirs’ performance at the macroscale (Alhammadi et al., 2020a; Isah et al., 2021b). In a reservoir
system containing more than one fluid, (such as oil/water or
gas/water systems), the free-water level is the level or point

(1)

∆V
where σ is the electrical conductivity of the fluid/rock system,
∆V is the electrical potential difference across the media and I
is the quantity of current or current density. Electrical resistivity
measurement can give an indication of rock wettability (Rasmus,
1986), pore type and geometry/connectivity (Isah et al., 2021a;
Olusola et al., 2013), as well as fluid type and composition. Since
fluid–rock interaction (for instance, CO2 –brine–rock interaction)
can interchangeably affect the electrical properties of rock, this
technique is often employed to assess pore structural alteration
after exposure to EOR fluids (Adebayo et al., 2014). Although
electrical resistivity measurement is widely used in reservoir
characterization and evaluation, it is generally assumed that in
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where εeq is the relative permittivity of the electrolyte solution,
εo is the electric permittivity of vacuum, and µ is the dynamic
viscosity of the liquid.
Zeta potential is governed by the nature of the surface, surface charge (which is determined by pH), the concentration and
nature of the electrolyte and solvent in the solution. Under given
conditions (those parameters fixed), ζ -potentials are unique characteristics for the charge state of interfaces, it is independent
of the technique used, therefore, whether different techniques
and interpretations are used, identical ζ -potentials values are obtained. It is noteworthy that, researchers often reported different
zeta potential values for supposedly identical interfaces. This is
attributed to the fact that zeta potential is not directly measurable
property, thus the disparity might be due to an inappropriate
model used to convert the electrokinetic signal into a ζ -potential,
presence of impurities, or the surfaces are not in fact identical
(Delgado et al., 2007).
The principle of zeta potential measurement can be employed
to investigate fluid–rock interactions such as ionic/surfactant/
polymer adsorption, rock dissolution, surface charge of nanoparticles in solution (e.g., Clogston and Patri, 2011), measurement
of particle size (Ding and Rahman, 2018), characterization of
wettability modification of rock minerals and surfaces (Jiang et al.,
2010), and effect of chemicals and fluid ionic composition on rock
minerals (Lara Orozco et al., 2021). Electrokinetic (zeta potential)
measurements provide useful information such as identification
of the isoelectric point (point of zero charges) in titrations with
a potential determining ion (for instance, pH titration) or using ionic reagents such as surfactants, and in the identification
of adsorption plateau of ionic species (Delgado et al., 2007).
Nevertheless, zeta potential measurements only consider the average of surface charge and fail to provide information about
particular charged species on rock surface. It is, therefore, recommended that other methods such as surface complexation
modeling (SCM) be used to determine the surface concentration
of all charged surface species by capturing the electrostatic properties of the mineral(Song et al., 2020a). Also, difficulties are often
encountered when interpreting experimental results obtained for
non-ideal surfaces/particles/interfaces such as non-rigid, porous,
and rough surfaces or particles (Delgado et al., 2007). An overall summary of fluid–rock interaction quantification methods is
provided in Table 6.

at which the capillary pressure is zero, that is, the pressure
in the two fluids forming the interface is the same (Chatterjee et al., 2012). Capillary pressure can be in either drainage
or in an imbibition process, depending on the displacing and
the displaced fluid, and the wetting property of the medium.
Drainage and imbibition capillary pressure curves can be used
to ascertain reservoir fluid distribution, fluid contacts, irreducible
saturation, and the wettability of reservoir rock. There are various
methods to obtain capillary pressure-saturation curve, the following methods are commonly used: porous plate or membrane
method in which both spontaneous and forced imbibition can be
carried out, mercury injection capillary pressure (MICP) method,
and centrifugation method (Bruce and Welge, 1947; Hassler and
Brunner, 1945; Purcell, 1949). However, some of the capillary
pressure methods are time consuming, limited capillary pressure
(e.g., porous plate method), and centrifugation is an indirect
method and cannot be used to obtain spontaneous imbibition
capillary pressure.
3.10. Zeta potential
To discuss zeta potential, first, we need to define the electric
double layer (EDL) model. It is referred as a physical model that
describes the ionic charge in the vicinity of a charged particle
in a colloidal solution. The EDL consist of a central (layer) fixed
charged particle, a surface/titratable charge that is firmly bound
to the particle/solid surface, and a slipping charged layer within
the solution in contact with the surface. The later contains an
excess of ions opposite in sign to the fixed charged (counterions)
and has a deficit of ions of the same sign as the fixed charge particle (co-ions). In a colloidal system, the zeta potential measures
the difference in the electrical charge between the dense layer of
ions surrounding the particle and the charge of the bulk of the
suspended fluid surrounding the particles (Strand et al., 2006).
Thus, the potential at the slipping plane (where slip with respect
to the bulk solution is postulated to occur) is the electrokinetic or
zeta potential, ζ (Clogston and Patri, 2011; Delgado et al., 2007).
Various methods and techniques used to obtain the zeta potential
of colloidal interfaces are electrophoresis (centered on charged
colloidal particles movement with respect to stationary liquid
due to applied electric field), electro-osmosis (based on liquid
flow caused by an applied electric field to charged porous plug,
membrane or capillaries), and streaming current and streaming
potential (established on charge displacement in the EDL due
to pressure induced liquid movement in pores and capillaries,
and can be used to study interfaces of different shapes and
geometries). Other techniques are dielectric dispersion; which
involves relating the electric conductivity of disperse systems and
the frequency of the electric field applied to colloidal suspensions,
and electroacoustics method (here, the basic principle is the measurement of electrical fields and currents in colloidal dispersion
induced by propagation of sound wave). A significant advantage
of this techniques is its applicability to concentrated dispersions
(Delgado et al., 2007), this eliminates the need for dilution that
could lead to erroneous results in situation where the diluent may
alter the surface properties.
Based on electrophoretic technique, Helmholtz–Smoluchowski
(HS) equation (Eq. (3)) is commonly employed to obtain the zeta
potential, for uniform and moderate electric fields:

v e = ue E

4. Implications of fluid–rock interactions on EOR
Enhanced oil recovery operations are employed to increase oil
recovery by injecting gas, aqueous chemicals, or water. Injection
of these fluids into the reservoir can lead to several fluid–rock
interactions such as rock dissolution, fluid/ions adsorption, clay
swelling and fines migration. Depending on the injected fluids
type and composition, pH, injected volume, and reservoir type,
several reservoir and fluid flow properties can change due to
resulting interactions. Typically, wettability alteration, IFT reduction and rock dissolution or precipitation are associated with
chemical EOR which are extensively applied to improve reservoir
productivity and increase oil recovery (Frenier et al., 2001; Hassan
and Al-Hashim, 2020a; Mahmoud et al., 2017; Mahmoud and
Abdelgawad, 2015). Some fluid–rock interactions may also lead
to formation damage e.g. asphaltene dropout during CO2 injection
(Fu et al., 2018; Jafari et al., 2012; Zanganeh et al., 2012). These
alterations in turn, affect the overall recovery from the reservoir, and thus need to be thoroughly understood and governed
via appropriate characterization tools. An overview of fluid–rock
interactions and its implications on EOR is shown in Fig. 17.
In terms of the implications of fluid–rock interactions, rock
wettability is a vital factor and plays a key role in controlling

(2)

where ve (m s ), is the particle velocity with respect to a stagnant medium (electrophoretic velocity), E (V m−1 ) is the applied
electric field, ue (m2 V−1 s−1 ), is the electrophoretic mobility of
the particle and is given by;
−1

ue =

εeq εo
ζ
µ

(3)
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Table 6
Summary of the measurement range and principles of measurement of fluid–rock interaction quantification techniques.
Method/Technique

Range of
measurement

Principles of
measurement

Advantages

Disadvantages

References

Core flooding

≥ 10 mm

It typically involves
injecting fluid into
cylindrical rock plug
obtained during
coring or from
consolidated outcrops
or a quarried rock.

1. Fluid–rock interaction
can be evaluated on
actual reservoir rock and
fluid, as well as under
reservoir conditions of
pressure and
temperature.
2. It can as well, be
incorporated with other
measurement techniques
such as X-ray, resistivity,
and CT scan for in-depth
analysis.

1. Difficult to conduct,
and the in-situ behavior
of fluid–rock interaction
directly from core flood
is impossible.
2. It is not effective or
impossible to apply for
analysis of
unconventional rocks
(e.g., tight rocks and
shale).
3. It is time consuming.

Sharma and Mohanty
(2018), Wang et al.
(2015), Yang et al.
(2020), Hadian et al.
(2020) and Hou et al.
(2013)

Contact angle

Sessile drop and
captive bubble
methods = millimeter
scale

Interfacial force
balance (Young’s
equation)

1. Allows robust
quantification of
wettability.
2. Measurements can be
done for a broad range
of influencing factors
(e.g., pressure,
temperature, salinity
etc.).

1. Surface contamination
and cleaning methods
may introduce a bias in
reported contact angles.
2. It is not a bulk
measurement.

Arif et al. (2019)
Iglauer (2017)

SEM/ FE-SEM/
FIB-SEM

0.8 nm–1 mm

Images of sample are
created through beam
scanning; it uses a
focused beam of
electrons to generate
a visualization of
sample surface
topographic details.

1. High resolution
images can be obtained;
FIB-SEM allows for high
3D spatial resolution, it
can reveal nanometric
pore structure.
2. Applied to both
conventional and
unconventional rocks
(nano-to micro-scale).

1. Nanometric scale
FIB-SEM is destructive
and small sample size is
typically used (only a
few millimeters in
diameter).
2. Thus, large area 2D
maps maybe needed for
in-depth visualization of
heterogeneities

Lim et al. (2018),
Barsotti et al. (2020),
Clarkson et al. (2016),
Long et al. (2013) and
Curtis et al. (2012).

Thin Section

1 µm–2 mm

Rock minerals and
pore features are
observed and
captured using
microscope.

1. It is fast and the
experimental preparation
is easy.
2. It captures mineral
and cementation types,
2D pore types and pore
connectivity.

1. Low resolution
compared to SEM and
CT.
2. Sample size limitation.

Reedy et al. (2014),
Tang et al. (2021)
and Asmussen et al.
(2015)

NMR/MRI

0.1 nm–10 mm

Resonant frequencies
of nuclei in porous
medium are
measured and
converted into an
NMR spectrum; it is
a measure of
relaxation time of
fluids interaction
with porous media.

1. High resolution and
non-destructive.
2. It can also be used to
obtain pore structure at
all length scale with
high precision.

1. It is affected by test
environmental
conditions (temperature
and pressure).
2. It is unable to
distinguish between the
pore throats and
micropores, and pores
and microfractures.

Khather et al. (2019)
Gao and Li (2015)

CT

10 nm–10 mm

The X-ray beam
passes through the
sample from a
projection and are
captured by a
detector that records
pattern of densities,
and processed to
generate image that
shows the structure
of sample.

1. Captures 3D
distribution of
microstructure at high
resolution in
non-destructive manner.
2. In-situ CT images
allow pore-scale
visualization of fluid
distribution.
3. The spatial
distribution and textural
alteration of tight rocks
after reaction can be
obtained.

1. High test cost and
long time to acquire.
2. Difficulty in up-scaling
the result to core-scale
to estimate flow
characteristics (e.g.,
permeability).

Maire and Withers
(2014), Bultreys et al.
(2016), Gunde et al.
(2010), Gou et al.
(2019), Falat et al.
(2020) and Clarkson
et al. (2016)

(continued on next page)
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Table 6 (continued).
Method/Technique

Range of
measurement

Principles of
measurement

Advantages

Disadvantages

References

AFM

nanometer scale

To determine surface
roughness and
topography of the
rock samples with or
without fluid
exposure

1. Provides 3D surface
profile as opposed to 2D
SEM image.
2. Samples do not
require coating thereby
preventing any damage
to sample.
3. Provides higher
resolution than SEM.

1. Maximum height on
the order 10–20 µm can
be imaged in the single
scan.
2. AFM has low scanning
speed compared to SEM
(several minutes
required for a scan).

Wang et al. (2021a)

Micromodels

≥ 10 nm

Direct visual
observation of
fluid–solid interaction
through artificial
pores.

1. They are relatively
easier and faster as
compared to conducting
a core flood experiment.
2. Easy to observe and
record fluid–solid
interaction data,
visualization can be
done at the pore level.

1. Visual experimental
limitations are rather
device specific than
generic; they have
pressure and
temperature limitation;
some have fixed wetting
properties.
2. The results cannot be
directly applied to actual
rock due to
mineralogical
heterogeneities of real
reservoirs.

Bao et al. (2017),
Zhang et al. (2020b),
Sohrabi et al. (2004)
and Li et al. (2010)

Capillary pressure

1.8 nm–180 µm

A measure of the
difference between
non-wetting and
wetting phase
pressure, and it
accounts for the
interaction between
the pore fluids and
the rock pores.

1. Simple experimental
set-up and easy to
perform.
2. Capillary pressure
measurement can be
used to derive many
other significant
quantities: wettability,
pore-size distribution
and pore connectivity,
irreducible water- and
residual oil saturations.

1. Porous plate method
is time consuming while
centrifugation is an
indirect method and
cannot be used to obtain
spontaneous imbibition;
again, MICP is
destructive.

Clarkson et al. (2012)
and Isah et al.
(2021a)

Resistivity

core-scale

Ohm’s law as a basic
principle is employed
to determine the
electrical properties
of the porous media.

1. It is generally
non-destructive and easy
to perform.
2. Can be incorporated
to other quantification
techniques

1. The major limitation
of this technique is the
general assumption that
in fluid–rock system, the
reservoir fluid and the
rock matrix are not
conductive, only water
serve as a medium for
electric transfer, this
may lead to erroneous
results especially in the
presence of substantial
amount of electric
conductive minerals.

Adebayo et al. (2020)
and Ben Clennell
et al. (2010)

Zeta potential

nanoscale

The basic principle is
the measurement
centered on charged
colloidal particles
movement with
respect to stationary
liquid due to applied
electric field
(electrophoresis)

1. Easy and fast to
acquire.
2. Can be applied to all
rock types.

1. Zeta potential is not
directly measurable
property, thus, for
supposedly identical
interfaces, disparity in
values might occur due
to inappropriate model
used to convert the
electrokinetic signal into
ζ -potential.
2. Zeta potential
measurement is very
sensitive to impurities.
3. Assessment of
wettability is qualitative

Delgado et al. (2007)
and Clogston and
Patri (2011).

the residual oil saturation and the total oil recovery (Rahbar

increase the oil recovery — though this is still debatable as higher

et al., 2018; Shalbafan et al., 2019). Due to interactions among

oil recovery from mixed-wet rocks is also evidenced. A change

rock/fluid systems, the wetting state of the reservoir rock may

in wettability will result in a corresponding change in capillary

change, for instance, from oil-wet to water-wet which will in turn

pressure and relative permeability curves. The wetting property
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Fig. 17. Overview of fluid–rock interactions and its implications on EOR.

of an oil bearing reservoir formation is mainly determined by
the acid number (the content of the carboxylic groups) which
decreases at higher temperatures due to decarboxylation (Zhang
et al., 2006). Detailed understanding/knowledge of rock mineralogy is needed to predict the initial rock wettability. During
chemical flooding, the rock wettability can change due to the
chemical and physical interactions between the reservoir rock
and the injected fluids (Rodríguez and Araujo, 2006). Thus, it is
crucial to examine the changes in fluid flow in porous media due
to underlying interactions among the rock/fluid systems.
Furthermore, and importantly, carbonate rocks tend to
demonstrate a wider wettability variation (Arif et al., 2020) such
that carbonates can be water-wet to oil-wet or even mixed-wet
(Alhammadi et al., 2020b; AlRatrout et al., 2018; Blunt et al.,
2021; Selem et al., 2021a). Moreover, any wettability alteration
due to fluid–rock interaction can be characterized at multiple
scales. For instance, at nanoscale, wettability is characterized as
a function of surface roughness using AFM while at the porescale geometric computation of in-situ contact angle is performed
— which offer an advancement in this area (Al Maskari et al.,
2019). This suggests that any wettability changes resulting from
fluid–rock interactions needs to be investigated using multiple
experimental techniques to gain confidence in observed behavior
and also due to pertinent limitations of each technique (Table 6).
Several approaches can be used to evaluate rock wettability
and wettability modification including, contact angle measurements, and surface charge analysis. Moreover, the zeta-potential
technique has been used extensively to identify the rock wettability, by assessing the rock surface charges (Chen et al., 2014; Zhang
and Austad, 2006). The sign of zeta potential can be affected by
several factors such as; ionic strength, solution pH, and chemicals concentration (Alotaibi and Nasr-El-Din, 2011; Kasha et al.,
2015). The presence of calcium, magnesium, and sulfate ions in
the aqueous solutions has a significant impact on the surface
charges, hence these ions are defined as potential determining
ions) (Rodríguez and Araujo, 2006). Carbonate rocks are more
reactive compared to sandstone, hence more complexity in the
rock surface can be induced. Carbonate rocks can have negative
surface charges (Douglas and Walker, 1950) or positive charges
(Alotaibi and Nasr-El-Din, 2011; Kasha et al., 2015; Mahani et al.,

2018; Siffert and Fimbel, 1984) based on the presence and distribution of these potential determining ions. Also, changing the
brine salinity, ion concentration, solution pH, and temperature
can lead to considerable changes in the carbonate surface charges.
Moreover, adjusting the ion concentration (such as calcium and
magnesium) can result in rock dissolution, and negative surface
charges will resulted (Kasha et al., 2015).
Geochemical and mechanistic models can be used to estimate
the incremental oil recovery due to the fluid–rock interaction
mechanisms (Brady and Thyne, 2016); (Qiao et al., 2015a). The
surface complexation models can be coupled with the mineral
dissolution models to assess the significance of surface mineralogy on increasing oil recovery (Qiao et al., 2015b, 2016). Also, the
electrical double-layer (EDL) concept can be utilized to study the
relationship between the rock surface charges and the incremental oil recovery. In general, expanding the electrical double-layer
leads to more water-wet condition, and thus increase the oil
recovery (Brady and Thyne, 2016). Increasing the thickness of
electrical double-layer can lead to EOR from carbonate reservoirs.
This is due to the negative zeta potential values at rock/brine
surface which result in repulsive forces between the rock surface
and oil droplets, and consequently, more oil can be recovered —
thus adjusting the rock surface charges is crucial for EOR (Jackson
et al., 2016; Mahani et al., 2018; Tetteh et al., 2020a).
Furthermore, anionic surfactant can alter the wettability and
thus higher oil recovery due to surfactant adsorption via tail
interaction in oil-wet sandstone rocks (Hou et al., 2015) while
in neutral-wet rocks wettability shift toward water-wet state
occurs as a result of micellar solubilization of the adsorbed oil
components (Amirmoshiri et al., 2020). At a neutral pH, clays are
positively charged at the edge and negatively charged at the face,
the alumina-like edges are expected to reverse their charge at
around a pH of 9 (Hirasaki et al., 2011), and this charge reversal
often alters surface wetting characteristics. The wettability modification using cationic surfactant can be improved when sulfate
is present in the imbibing brine (Strand et al., 2003).
Moreover, the wettability alterations can also occur during
chelating agent flooding in carbonate and sandstone reservoirs.
For EOR applications, chelating agents are injected at lower concentrations to increase the oil recovery (Hassan et al., 2020;
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• Adsorption, dissolution, and wettability measurements may

Hassan and Al-Hashim, 2020a; Mahmoud et al., 2017, 2011).
Chelating agents are very effective chemicals that can increase
hydrocarbon recovery from different types of reservoirs and wettability alteration and IFT reduction were found to be the key
mechanisms due to increased oil recovery using EDTA (Hassan
and Al-Hashim, 2018, 2020b; Mahmoud and Al-Hashim, 2018,
2019). Also, no formation damage (clay swelling or pore plugging)
was induced by injecting EDTA concentration up to 10 wt%.
Furthermore, sequential injection mode (3 wt% EDTA followed
by 5 wt% EDTA) was found to be effective in increasing the
oil recovery and reducing chemical cost (Hassan and Al-Hashim,
2018, 2020a,b).
IFT reduction may also occur due to surfactant injection and
consequent enhancement of recovery. Another possibility is the
modification of the rock surface charge/ roughness, and lastly,
migrating fines can mobilize oil and increase the microscopic
sweep efficiency.
Therefore, continuous evaluation of the reservoir fluid–rock
interaction and underpinning the resulting properties changes is
critical for better reservoir management and enhanced recovery
of oil (Alotaibi and Yousef, 2017; Mahani et al., 2018).

be influenced by several factors such as surface roughness,
surface chemistry, the contamination of the surfaces and
the choice of surface cleaning method. To reduce these uncertainties in observed fluid–rock interaction measurements
(e.g., wettability, adsorption etc.), the use of imaging and
characterization tools is vital. Thus, it is crucial to understand these interactions at multiple scales using a range of
correlative experimental approaches.
6. Summary and conclusion
This article presents a holistic review of fluid–rock interactions
between injected fluids (e.g., surfactant, polymer, low salinity
brine, CO2 /CO2 -foam), reservoir fluids, and reservoir rocks. The
phenomena such as adsorption, dissolution, clay swelling and
wetting characteristics resulting due to fluid–rock interactions
were examined. The commonly employed fluid–rock interaction
quantification techniques as well as the implications of the interactions were also discussed. The following conclusions can be
drawn from this review:

• Surfactant adsorption in carbonate and sandstone rocks has
5. Future research directions
Based on the review, we identified and highlighted some
knowledge gaps and future research outlook in the domain of
fluid–rock interaction, as follows:

• Despite numerous studies on surfactant/polymer/alkali

•

•

•

•

flooding in porous media, the exact mechanism of action
of these fluids during EOR applications in rock with oil
and brine, is still not fully understood. The amount of the
adsorbed surfactant/polymer/alkali depends on several factors/parameters. Factors such as the injected fluid type and
chemical composition, rock type and mineralogical composition, brine pH and salinity, etc. A maximum possible
combination of such factors should be investigated simultaneously and using different equipment and techniques.
While it is generally agreed that surfactants tend to alter
wettability toward water-wet and this potential increases
with increase in surfactant concentration, still the interactions of surfactant with reservoir rock and fluids are complex to characterize, this area can be explored.
There has been consensus that wettability alteration toward water-wetting is a main mechanism of EOR, however, the understanding of the interplay of various mechanisms causing this wettability shift and the experimental characterization of the effect is still an active area of
investigation.
There is often a disagreement among laboratory-scale observations and reservoir-scale numerical modeling — thus, it
is crucial to understand these interactions at multiple scales
using a range of correlative experimental approaches. Therefore, multiple experimental approaches to characterize the
effects of fluid–rock interactions (for example, wettability
change, IFT reduction, change in surface charge) may be
required.
Furthermore, interactions of fluids-reservoir rock may show
discrepancy at multiple scales ranging from core-scale down
to nano-meter scale. Moreover, low salinity water flooding (LSW), typically leads to improved oil recovery due to
wettability alteration and the underlying mechanisms are
complex and require a rigorous experimental approach at
multiple scales.

•

•

•

•

•
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been actively investigated. The adsorbed amount depends
on the surfactant chemical structure and type, rock type,
mineralogical composition, surface redox potential, pH and
salinity of the aqueous phase, and brine composition. The retention of surfactant via adsorption, phase trapping, hydrodynamic retention, degradation, and precipitation are the
key technical and economic challenges in surfactant flooding
EOR, these negatively influence oil recovery efficiency.
Adsorption of polymer can cause severe formation damage,
polymer retention could be due to mechanical trapping and
adsorption onto the rock surface, extent of the adsorption
depends on the chemical nature and composition of the
polymer, temperature, lithology, pH, and fluid salinity. Recovery efficiency of polymer flooding EOR decreases with
increased adsorption.
Adjusting seawater salinity can improve the rock–brine interaction and thereby increase oil recovery. The key mechanisms during low salinity brine injection are wettability alteration, mineral dissolution, and surface charges exchanges.
There is consensus that wettability alteration toward water wetting is the main factor responsible for enhancement in oil recovery during low salinity water flooding,
however, contradictory results were reported by several
researchers on the actual alteration mechanism. Several authors suggested that electrostatic interaction and multi-ions
exchange are the predominant mechanisms while others
argued that the governing mechanisms are rock dissolution
and electric double layer expansion. It is worth mentioning
that some of the reported mechanisms by investigators may
be specific to particular brine/oil/rock systems.
It is generally agreed that wettability alteration via adsorption and consequent contact angle reduction and interfacial
tension (IFT) reduction are the mechanisms for oil recovery improvement due to surfactant flooding. Residual oil is
trapped due to capillary forces (mainly for water-wet rock)
and hydrophobicity (for oil-wet rock). Thus, a reduction
in IFT and accompanying wettability alteration following
surfactant injection mobilizes the trapped oil and improves
oil recovery.
During low salinity waterflooding, wettability alteration is
one of the dominant mechanisms that lead to enhanced
oil recovery. Mechanistically, wetting behavior of a rock/oil/
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brine system is governed by interplay of the interfacial interactions among the thin water film at the rock and oil interface. These interactions and thus the wettability alteration
due to LSW are influenced by electric double layer (EDL)
expansion, multicomponent ion exchange, change of interfacial tension, pH change, fines migration, mineral dissolution,
and micro dispersion formation.
• Clay swelling can be induced due to hydration phenomena either through osmotic or crystalline swelling. While
fines are mobilized mainly due to fluids injection and rock
dissolution. Clay swelling and fines migration are mainly
influenced by fluid properties, reservoir type, and operation parameters. Fines migration and clay swelling can
lead to severe formation damage. However, in some cases,
fines migration can lead to achieving higher oil recovery via
wettability modification.
• Rock wettability is influenced by several factors such as
mineralogy, surface roughness, and surface charge. The rock
mineralogy can determine the type of rock wettability. The
surface roughness shows complex trends with rock wettability. Increasing the roughness of a hydrophilic sample
tends to decrease the contact angle while increasing the
roughness of hydrophobic surfaces leads to an increase in
contact angle. The rock surface charges can increase or decrease the oil wetness based on the oil composition.
• Finally, fluid–rock interactions are complex and require a
range of experimental techniques at multiple scales. All
the fluid–rock interactions quantification techniques have
some limitations either in their applicability, measurement
range, and uncertainty level. For instance, it is challenging to apply core flooding in unconventional tight rocks.
Micromodels are easy to observe and record fluid–solid
interaction data, yet, they cannot represent the actual rock
situations due to pressure limitations. Imaging technique
such as AFM provides high resolution but takes long time.
NMR can indicate the pore structure with high precision,
but it is affected by test environmental conditions. Overall,
the incorporation of various imaging and characterization
tools would be required for improved understanding the
fluid–rock interactions.
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